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Abstract

CO2 flooding is a widely employed method for enhancing oil recovery. However, it faces challenges
stemming from differences in viscosity and density between oil and CO2, leading to poor sweep effi-
ciency. This can result in issues such as viscous fingering, channelling, and gravity segregation, caus-
ing premature breakthroughs and excessive gas production. To address these concerns, the Polymer
Assisted Water Alternating Gas (PA-WAG) technique combines the advantageous attributes of CO2

flooding, such as solubility and displacement, with the effective mobility control provided by polymer
flooding. This results in a chemically enhanced Water Alternating Gas (WAG) flooding approach. A
study by vanWieren et al. (2022) delved into the effectiveness of PA-WAG in addressing CO2 flow chal-
lenges and improving sweep efficiency by conducting core-flood experiments. This work builds upon
that study by employing numerical simulations to replicate the core-flood experiments. These simula-
tions shed light on the fundamental physical mechanisms during the PA-WAG injection process while
also facilitating the calibration of flow parameters for practical implementation on a larger scale. The
primary goal of this study was to comprehensively model three distinct enhanced oil recovery (EOR)
techniques: polymer injection, CO2 flooding, and PA-WAG, all applied specifically to the Bentheimer
sandstone cores. The objective was to history-match CT (Computed Tomography) scan saturation data,
observed pressure drops, and oil recovery. A 2-dimensional (2D) model was constructed for each ex-
periment, with CT scan images used to allocate varying porosity and permeability values to individual
grid blocks. This enabled monitoring saturation distributions from the initial primary drainage phase
onward. In the history matching of the primary drainage phase, parameters for relative permeabilities
were determined from the Brooks-Corey equation, leveraging CT scan saturation data. The scaling
of relative permeabilities based on CT scan saturations effectively accounted for capillary end effects
observed in the core-flood experiments. During the history-matching of the polymer injection process,
it was demonstrated that polymer-specific parameters, as determined from experimental data, could
effectively modify waterflood relative permeabilities, thereby reducing the mobility ratio and accurately
capturing the advancement of the polymer front. The formation of emulsions towards the end of polymer
injection led to a notable increase in pressure drop, necessitating the incorporation of a high Residual
Resistance Factor (RRF) to accommodate permeability reduction. In the case of history-matching for
the CO2 flood, the black oil model successfully replicated the process of immiscible gas injection. It
aptly captured gravity segregation while utilising CT scan saturation scaled relative permeabilities to
assess the impact on oil recovery. The study unveiled that the relative permeability of gas under im-
miscible conditions was relatively lower than in miscible and near-miscible conditions. Simulating the
PA-WAG injection by combining polymer and CO2 models effectively reproduced the core-flood experi-
ments. The study substantiated the role of gas trapping in reducing the relative permeability of gas as a
function of injection time, consequently leading to heightened pressure drops during subsequent poly-
mer slug injections. The study showcased the efficacy of integrating black oil models for polymer and
CO2 injection to successfully simulate PA-WAG injection and achieve unity with core-flood experiments
yielding valuable insights into the physical processes underlying the technique.
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1
Introduction

1.1. General Introduction
The energy transition encompasses more than just power generation. It involves shifting the sector’s
reliance on fossil fuels like oil, coal, and natural gas for electricity generation towards renewable re-
sources such as wind, solar, hydro, and geothermal energy. The broader objective is to reduce carbon
dioxide (CO2) emissions across all sectors while advancing energy storage and electrifying significant
industries and transportation systems. However, despite efforts to transition to cleaner energy sources,
it is essential to acknowledge that oil remains the most significant energy supplier currently and in the
foreseeable future. Renewable energy projects often struggle to be profitable, and besides being a fuel
source, oil is essential for producing everyday items like plastics, lubricants, waxes, and asphalts. Amid
global efforts to find alternative energy sources and lessen reliance on oil while fulfilling environmental
obligations, the oil demand persists in its upward trajectory [53]. This compels the requirement for de-
veloping and adopting innovative approaches that not only cater to the goal of enhancing oil recovery
to tackle the increasing demand but also hold potential for applications in improving the efficiency of
carbon capture and storage (CCS). Such approaches can play a pivotal role in substantially curbing
CO2 emissions.

The productive lifespan of an oil field can be categorised into three main stages: primary, secondary,
and tertiary recovery. During the primary recovery stage, the production relies solely on the natural en-
ergy present in the reservoir, such as gas cap expansion, solution-gas expansion, aquifer influx, rock
compaction, and gravity drainage. Primary recovery continues until the original energy source can
no longer generate profitable production rates [37]. Secondary recovery methods are employed once
the reservoir pressure declines to a level where oil production becomes challenging. These methods
involve injecting water into the reservoir to increase pressure or gas into the gas cap to displace remain-
ing oil towards production wells, thereby extending the field’s lifespan. The secondary recovery stage
concludes when significant amounts of water or gas are produced, rendering the process economically
unfeasible [37]. Following the secondary recovery phase, where capillary forces dominate over viscous
forces in the porous media, a considerable portion of the oil remains trapped. In the tertiary recovery
stage, various techniques modify the initial properties of the in-situ fluids and rock-fluid interactions.
These techniques are collectively known as enhanced oil recovery (EOR) methods and include misci-
ble displacement (such as injecting CO2 or hydrocarbon gas when reservoir pressure conditions are
favourable), thermal recovery (involving steam injection or in-situ combustion), and chemical flooding
(utilising alkaline, surfactant, polymer, or their combinations). These EOR methods can also be applied
during the primary and secondary recovery stages [27].

One widely used method for oil recovery is CO2 injection, which has been commercially employed for
over four decades. It is the second most common EOR technique, following steam flooding [63]. CO2

injection not only increases oil recovery but also has the potential to store CO2 in reservoirs, thereby
reducing greenhouse gas emissions. However, due to the significant differences in viscosity and den-
sity between oil and CO2, the CO2 injection process suffers from poor sweep efficiency. Challenges

1
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such as viscous fingering, channelling through high permeability streaks, and gravity segregation result
in premature breakthrough and gas production [3]. While Water-Alternating-Gas (WAG) injection has
been employed to enhance the mobility contrast and has demonstrated improved performance com-
pared to continuous gas injection, it may not eliminate the challenges posed by viscous instabilities and
gravity segregation [20].

To overcome the problems of gas breakthrough and gravity segregation, a new combination method
called Polymer Assisted Water Alternating Gas (PA-WAG) was proposed. PA-WAG combines the ben-
efits of CO2 flooding, including solubility and displacement, with the superior mobility control of polymer
flooding, resulting in a chemically enhanced WAG flooding process. However, the stability of polymers
under reservoir conditions, such as high pressure, temperature, salinity levels, and CO2, needs to be
considered. To assess the effectiveness of PA-WAG, van Wieren et al. (2022) [65] conducted a CT
(Computed Tomography)-aided core-flood experimental study. This study examined the stability of the
polymer in combination with CO2 and its impact on viscosity retention. The results demonstrated the
technique’s effectiveness in mitigating CO2 flow issues in porous media, thereby enhancing reservoir
sweep efficiency.

While the experiments have shown the effectiveness of PA-WAG injection, it is crucial to conduct thor-
ough numerical simulation work to history-match the core-flood experiments. This will allow a deeper
comprehension of the physical mechanisms that impact flow dynamics during PA-WAG injection. Ad-
ditionally, it will assist in calibrating the flow parameters involved in the process, which can then be
utilised in pilot or sector-scale models to optimise the injection schemes and predict the performance
of PA-WAG in real-world applications [33]. Ultimately, the numerical simulations will enhance our un-
derstanding of PA-WAG injection and its potential benefits on a larger scale.

1.2. Research Questions and Objectives
This research focuses on understanding and improving the CO2 flow in porous media, which has im-
plications for underground CO2 storage and EOR. The inherent challenges of poor reservoir sweep
efficiency, including viscous fingering, channelling through high permeability streaks, and gravity over-
ride, are addressed through PA-WAG injection. Previous CT-aided core-flood experiments by van
Wieren et al. (2022) [65] have demonstrated the success of PA-WAG in enhancing reservoir sweep
efficiency. This research aims to investigate the physical mechanisms involved in the PA-WAG injec-
tion process by developing a model based on the black oil approach in MATLAB Reservoir Simulation
Toolbox (MRST). The core-flood experiments will be history-matched using the model to determine the
parameters required for simulating the injection scheme in a sector model for a field-scale study. The
research is based on two central hypotheses: (1) The model developed using the black oil approach in
MRST effectively captures the intricate physical mechanisms of the PA-WAG process. (2) Mechanis-
tic simulation of the PA-WAG process replicates the core-flood experiments resulting in a successful
history-match. The research questions derived from these hypotheses will be the foundation for further
investigation and analysis.

(1) The model developed using the black oil approach in MRST effectively captures the intricate
physical mechanisms of the PA-WAG process.
The research question associated with the first hypothesis states that: How can the model capture the
impact of the main physical mechanisms, such as the displacement efficiency of CO2 and mobility con-
trol of the polymer on improving the oil recovery in the PA-WAG process ? Regarding this question, the
hypothesis states that the existing three-phase black oil model and the polymer flood model of MRST
can be coupled to develop a model that effectively captures the intricate physical mechanisms of the
PA-WAG process. The polymer model in MRST uses flow equations based on the black oil model. The
underlying assumption is that polymer, transported in the aqueous phase, changes the viscosity of this
phase without affecting the liquid, oleic, and gaseous phases. The physical effects of adding polymers,
such as a change in effective viscosities, polymer adsorption, permeability reduction, inaccessible pore
space and the non-Newtonian rheology of the polymer solution, are well accounted for in this model.
Similarly, the three-phase black oil model is well equipped to simulate the flow of gaseous CO2 through
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porous media in the presence of liquid and oleic phases within the system. The objective here would
be to couple features of immiscible CO2 flooding with polymer flooding so that the interaction of CO2

with oil, water and polymer and its impact on the sweep efficiencies and overall hydrocarbon recovery
can be effectively modelled.

(2) Mechanistic simulation of PA-WAG process replicates the core-flood experiments resulting
in a successful history-match.
The research question related to the second hypothesis focuses on determining the most efficient work-
flow for matching the model to the core-flood experimental data. This research aims to replicate the
laboratory conditions of the core-flood experiments, which were conducted under immiscible conditions
where CO2 behaves as a gas. To achieve this, the objective is to model the core-flood experiments
in a step-by-step manner systematically. The first step involves investigating and understanding the
recovery mechanisms of polymer and immiscible gas flooding by running separate simulations of each
process. An understanding of the physical mechanisms involved in each case can be developed by
studying these individual processes. Once the mechanisms of polymer flooding and immiscible gas
flooding are understood, the next step is to model the PA-WAG injection. In this case, the PA-WAG pro-
cess will be modelled as immiscible using the black oil model, which consists of dead oil and dry gas. In
combination with the polymer flood model, the black oil model will allow for successful history-matching
of the core-flood experiments and calibration of flow parameters. The outcome of this research will be a
base case that can be used in future studies to simulate the PA-WAG process under varying conditions.
Additionally, the base case can be applied to sector models for field-scale analysis. By developing an
efficient workflow for matching the model to the core-flood experimental data, insights into the perfor-
mance and effectiveness of the PA-WAG process can be gained, paving the way for further optimisation
and application in the oil and gas industry.

1.3. Thesis Outline
This study models and simulates polymer flooding, gas (CO2) flooding, and the PA-WAG injection pro-
cess. Core-flood experiments performed by van Wieren et al. (2022) [65] are history-matched using
MRST, which is a free, open-source software for reservoir modelling and simulation developed primar-
ily by the Computational Geosciences group in the Department of Mathematics and Cybernetics at
SINTEF Digital in Norway. This thesis investigates the physical mechanisms associated with PA-WAG
injection by simulating the core-flood experimental results. This study analyses the methodology for
modelling and simulating the PA-WAG injection aiming to provide insights into the underlying physical
mechanisms involved in the process.

The thesis is structured into five chapters, which include the introduction, literature review, methodology,
results and discussion, and conclusion. The introduction addresses the research objectives outlined
in section 1.2. Chapter 2 comprehensively reviews previous studies and literature related to polymer
behaviour, CO2 behaviour, and PA-WAG application in EOR processes. Chapter 3 details the method
for setting up and executing the core-flood simulations. This includes reviewing the experimental data
to identify the critical parameters for consideration during the history-matching process, explaining the
reservoir simulator’s framework, understanding the models’ governing equations, and outlining the pro-
cedure for simulating the individual core-flood experiments. Chapter 4 presents the results obtained
from the simulations and provides a thorough analysis and discussion of the findings. The results are
carefully examined, and their implications are discussed concerning the research questions. Finally, in
Chapter 5, the research questions are addressed and answered, and the study’s findings are drawn.
Additionally, recommendations for future research work are provided. Overall, the thesis is structured
to provide a comprehensive understanding of the research objectives, review the relevant literature, de-
scribe the methodology used, present and discuss the simulation results, and finally draw conclusions
and propose future research directions.



2
Literature Review

2.1. Enhanced Oil Recovery
The primary goal of the EOR techniques is to achieve the best performance in terms of recovery and
economic aspects. Several EOR techniques are applied throughout the industry to create a more
efficient movement of displacing and displaced fluids in the reservoir. These techniques are primarily
centred around maintaining a favourable mobility ratio (M < 1.0) and increasing the capillary number
(Nca). The mobility ratio is defined as:

M =
λdisplacing

λdisplaced
(2.1)

The mobility ratio impacts both micro and macro sweep displacement efficiencies. It determines the
relative ease of fluid movement within the reservoir. A favourable mobility ratio is achieved by ensuring
the displacing fluid has a higher viscosity than the displaced fluid. The capillary number (Nca) is given
as:

Nca =
vµ

σ
(2.2)

where σ is the interfacial tension (IFT) (N/m), µ is the viscosity of the displacing fluid (Pa.s), and v is
the Darcy velocity (m/s). Apart from maintaining a favourable mobility ratio, one of the strategies is to
increase the capillary number. By increasing the capillary number, the viscous forces can overcome
the capillary forces more effectively. This leads to improved fluid flow and displacement efficiency
within the reservoir. This is done by reducing the IFT using a surfactant or thermal energy. Increasing
the capillary number by three orders of magnitudes decreases the residual oil saturation by 50% [54].
The performance of flooding processes such as water, gas, and WAG injection is highly dependent on
the macroscopic (volumetric) and microscopic (displacement) efficiencies [54]. Displacement efficiency
refers to the effectiveness of the injecting fluid in displacing oil from the pore spaces within the reservoir.
It represents the portion of the oil initially in place (OIIP) produced by the displacing fluid. A higher
displacement efficiency indicates that a larger fraction of the oil in the reservoir is effectively displaced
and recovered. On the other hand, volumetric sweep efficiency relates to the extent of contact between
the injected fluid and the oil within the reservoir. It measures the fraction of the reservoir volume swept
by the injected fluid and is influenced by factors such as reservoir heterogeneity, fluid mobility, and the
injection strategy employed. A higher volumetric sweep efficiency means that a larger portion of the
reservoir has been in contact with the injected fluid and is more effectively swept of oil. The total oil
recovery efficiency is a combination of both displacement (Ed) and volumetric efficiency (Ev) [58], as
given below:

E = Ed×Ev (2.3)

where E is the total recovery efficiency (%). By optimising both displacement and volumetric sweep
efficiencies, the total oil recovery efficiency can be maximised.
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2.2. Polymer Flooding
Polymers play a vital role in EOR technology by significantly impacting reservoir dynamics. When poly-
mers are added to the reservoir, they enhance water viscosity and decrease the relative permeability
of water. This, in turn, boosts oil recovery by increasing the fractional flow. If the mobility ratio is close
to one or slightly lower, the water displaces oil efficiently, resembling piston-like displacement [13].
Leveraging the mobility ratio principle, water-soluble polymers can be employed to increase the water
phase viscosity and reduce the water permeability within the porous rock, thereby establishing a more
effective and uniform front for displacing oil from the reservoir [29, 38].

2.2.1. Fundamentals of Polymer Flooding
Polymers are materials made up of multiple monomers connected in chains. A monomer can consist
of one or more atoms and serves as the building block for the repeating units that form the long-chain
structure of the polymer. In addition to polymers with single monomers, there are also copolymers with
two or more distinct monomers. Water-soluble polymer agents used in polymer-based EOR can be
classified into synthetic polymers and biopolymers [11]. Synthetic polymers, like hydrolysed polyacry-
lamide (HPAM), are artificially synthesised from acrylamide monomers and are commonly used due to
their cost-effectiveness [48]. Biopolymers, derived from natural resources such as cellulose, xanthan
gum, chitosan, or algae, are also used in EOR. Xanthan gum, produced by pseudoxanthomonas, is
a widely used biopolymer in the petroleum industry due to its tolerance to salinity and temperature
ranges [46]. Biopolymers improve mobility ratio, selectively plug thief zones, and redirect waterflood
towards inaccessible oil pores. However, they are less utilised in field-wide applications due to ageing,
microbial degradation, and formation damage from pore plugging. Microbial degradation affects both
synthetic and biopolymers, but biopolymers are more prone to degradation. Additionally, biopolymers
face injection issues due to biomaterial debris accumulation at the wellbore wall [15].

To enhance oil production, secondary flooding is commonly employed, during which water is injected
into the reservoir to displace the oil towards the production well [57]. However, this approach is not al-
ways efficient due to the immiscibility of oil and water. With its low viscosity, water penetrates the oil and
reaches the production well, while the oil remains trapped in the reservoir. This phenomenon, caused
by the difference in viscosity, is known as the fingering effect [38]. To address this issue, polymers are
added to the injected water, increasing its viscosity and thus lowering the mobility ratio between water
and oil [11]. This prevents the fingering of water into the oil, allowing for a more uniform displacement
and better sweep efficiency, thereby improving the flooding process and increasing oil recovery.

2.2.2. Macroscopic and Microscopic Sweep Efficiency Improvement
Mobility Ratio The main principle behind using polymers in oil recovery is to reduce the mobility ratio
between water and oil. The mobility ratio (M) represents the difference in mobility between the two
phases. When polymers are added to water, the resulting highly viscous water has lower mobility than
oil, allowing it to act as a piston-like front that displaces the oil [11]. Buckley-Leverett Eq.2.4 shows this
polymer flooding mobility ratio as:

fw =

krw

µw

krw

µw
+ kro

µo

=
M

1 +M
=

1

1 + 1
M

(2.4)

where krw and kro refer to the relative permeability of water and oil, respectively, whereas µw and µo

denote the water and oil viscosity. According to Eq.2.4, when M is less than 1, the fractional flow curve
indicates a piston-like flow, resulting in higher average water saturation. This leads to a reduction in
residual oil remaining in the reservoir [26]. Therefore, M ≤ 1 is considered favourable, while M > 1
creates an unfavourable mobility condition that can cause a viscous fingering effect.
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Permeability Reduction Permeability reduction, also known as relative permeability modification,
refers to the ability of polymers to decrease excessive water production while enhancing oil recovery
[56]. It involves reducing the relative permeability of water by introducing a polymer gel, which blocks
water permeability in the targeted region [50]. This reduction occurs in polymer flooding due to vari-
ous factors, including wettability alteration, segregation of oil and water flow pathways, swelling and
shrinkage of the polymer gel, and the formation of a polymer layer on pore walls through adsorption
[71]. However, the primary reason for permeability reduction is polymer adsorption and the segrega-
tion of flow pathways, diverting the water drive away from vacant under-swept pores in the producing
zone [50]. By plugging these high-permeability layers, the drive fluid is redirected into the oil-rich zone,
further enhancing oil recovery. Significantly, the blockade effect of the polymer gel does not affect the
recovery of residual oil since it can be easily removed compared to permanent plugging caused by
cement [51].

Polymer Rheology Polymer solutions exhibit non-Newtonian behaviour, meaning the relationship
between viscosity, shear stress, and shear rate is not linear. These solutions can display three types of
rheological behaviour in a porous medium: Newtonian, shear thinning, and shear thickening. However,
EOR polymers typically exhibit shear thinning characteristics, often analogous to the pseudoplastic
behaviour observed in rheological studies. Shear thinning behaviour refers to the fluid’s response
to applied stress, decreasing viscosity as the shear rate increases [1]. The power law equation 2.5
describes the relationship of a shear-thinning polymer solution as it follows a shear-thinning pattern.

τ = K(γ)n (2.5)

where K denotes the consistency index, γ symbolises the shear rate, τ is the shear stress, and n
refers to the flow behaviour index. The rheological behaviour of power-law fluids is characterised by
two parameters: K and n. The flow behaviour index (n) is dimensionless, while the dimension of K
depends on the specific value of n. Pseudoplastic behaviour, or shear thinning, occurs when n < 1. In
this case, the apparent viscosity of the fluid decreases as the shear rate increases. On the other hand,
when n > 1, the fluid exhibits dilatant behaviour, which is a different type of non-Newtonian fluid where
the apparent viscosity increases with the increase in shear rate [14, 66].

Figure 2.1: Shear rate dependency of polymers [15]

When a polymer solution flows through a series of pores, its molecules experience elongation and con-
traction stresses. As a result, the apparent viscosity of the polymer solution decreases with increasing
shear rate (Figure 2.1). This phenomenon occurs due to the arrangement of polymeric molecules
within the shear rate field, leading to reduced internal friction. The polymer solution exhibits a homo-
geneous behaviour at lower shear rates, resembling a lower Newtonian fluid. However, as the shear
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rate increases, the apparent viscosity of the polymer solution decreases, following a power law rela-
tionship (Figure 2.1). This region of decreasing viscosity with increasing shear rate is known as shear
thinning. Shear-thinning improves polymer flow efficiency by reducing resistance, but the large size
and broad molecular weight distribution of polymers used in EOR can lead to increased flow resistance
and pore blockage, necessitating controlled chain scission (controlled pre-shearing) to enhance their
flow efficiency in porous media and counteract time-dependent injectivity decline [35]. On the other
hand, shear thickening behaviour can occur in polymer solutions during high-velocity flows when the
molecules do not have enough relaxation time to recoil and adapt to the flow geometry. This behaviour
can help rapidly displace mobile fluids but may still face challenges in effectively displacing hard-to-
displace oil from small-scale heterogeneities [62].

2.2.3. Impact of Reservoir Properties
Reservoir Heterogeneity Reservoir heterogeneity significantly influences the success of oil recovery
during polymer flooding. Heterogeneity is characterised by variations in reservoir quality, including
porosity, permeability, capillary pressure, and water saturation. When polymers interact with fluids and
the porous medium, they can alter specific rock properties. One of the effects of polymer flooding
is an increase in viscosity and mobility ratio, which enhances oil recovery. Additionally, permeability
reduction is introduced to decrease water production. However, this reduction in permeability can
cause severe damage to the reservoir, which is irreversible and leads to increased oil production costs
and reduced productivity. Due to the capillary effect, polymers can plug the pore walls and reduce
the relative permeability of water while not significantly affecting the relative permeability of oil. This
occurs as adsorption-entanglement polymer layers are formed, altering the flow characteristics within
the reservoir (Figure2.2).

Figure 2.2: Effect of polymer adsorption on relative permeabilities of oil and water [69]

The resistance factor (RF) is the ratio of the mobilities of the brine and the polymer solution and is
related to pressure drop according to the following equation:

RF =
λbo

λp
=

∆Pp

∆Pbo
(2.6)

where λ and ∆P are the mobility and pressure drop, respectively and where the subscripts bo and p
refer to the brine before the polymer injection and polymer solution. In practice, RF shows an increase
during the polymer injection due to the viscosity increase and a reduction in permeability [66]. The
residual resistance factor (RRF) describes the permeability reduction after the polymer injection. It is
the ratio of the brine mobility before the polymer injection (corresponding to subscript bo ) to the brine
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mobility after the polymer injection (corresponding to subscript b1):

RRF =
λbo

λb1
=

∆Pb1

∆Pbo
(2.7)

Inaccessible Pore Volume The fraction of the rock pore volume inaccessible to the polymer during
flooding is known as the inaccessible pore volume (IPV). When the size of the polymer molecules is
larger than the pore size in a porous medium, the polymer cannot pass through those pores. The IPV
is influenced by factors such as the size and concentration of the polymer, the charge on the polymer,
the concentration of divalent ions, salinity, the effect of the rock surface, temperature, and the pore
size of the rock, including dead-end pores [59]. IPV plays a crucial role in polymer transport within
porous media. It is one of several mechanisms affecting polymer behaviour. In situations where IPV
is the dominant factor, it can lead to polymer acceleration [43]. Polymer acceleration occurs when the
polymer solution is injected at a lower salinity than the reservoir salinity, creating a contrast in ionic
strength and improving the transport efficiency of the polymer [1].

2.2.4. Impact of Fluid Properties
Polymer Retention and Relaxation Time The retention of polymeric molecules in porous media
can occur when high flow rates push the polymers into cavities where they become trapped. Polymer
retention is influenced by various factors, including polymer concentration, salinity, permeability, and
injection velocity [6]. The polymer retention mechanism in the porous medium is based upon three
mechanisms, as shown in figure 2.3.

Figure 2.3: Schematic representation of the mechanism of polymer retention [69]

The retention mechanisms of polymers in porous media can be categorised into three factors. The first
factor involves the physical interaction between the polymer molecules and the rock surface through
hydrogen bonding or Van der Waals forces. The amount of polymer adsorbed is proportional to the
available rock surface area. The second factor is the mechanical entrapment of polymer molecules in
pores with outlet diameters smaller than the polymer molecule’s diameter. In such cases, the polymer
molecules become trapped within the pores and cannot flow through. The third mechanism, known as
hydrodynamic retention, is influenced by the flow velocity of the polymer solution. After reaching equilib-
rium in polymer retention, a sudden increase in flow rate leads to additional polymer loss in the porous
media due to the trapping of polymer molecules in stagnant flow regions because of hydrodynamic
drag forces. Conversely, when the flow rate is reduced or completely stopped, the trapped polymer
molecules may diffuse back to the main flow channels, and newly retained polymer molecules will be
released [34]. Experiments by Vela et al. (1976) [61] demonstrated an indirect relationship between
permeability and polymeric retention. The results showed that as permeability increased from 12 to 137
mD, there was a significant decrease in polymeric retention. In another study by Zaitoun and Kohler
(1987) [70], it was reported that there was no significant change in retention when permeability was
already high. This suggests that permeability plays a more substantial role as an essential reservoir
property at the pore-scale and microscale levels when its values are below 100 mD. However, at higher
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permeabilities, the influence of permeability on polymeric retention becomes less important [61]. The
relaxation time of the polymer is also an important consideration when evaluating oil recovery. As the
relaxation time increases, the polymer molecules have more time to stabilise their structure, leading to
a more pronounced effect of elasticity on the polymer’s behaviour.

2.3. CO2 Flooding
The CO2-EOR process aims to recover oil trapped in the reservoir after primary and secondary recovery
methods. It involves injecting CO2 to contact and mobilise stranded oil, thereby improving Ev and
Ed. The behaviour of CO2 during the process depends on reservoir pressure, temperature, and oil
properties and can be classified as miscible or immiscible. CO2 can mix well with the oil (miscible) or
remain separate from it (immiscible) when injected. Reservoir conditions and the presence of multiple
phases, such as oil or aqueous solutions, influence the behaviour of CO2. Therefore, a thorough
understanding of CO2 usage for flooding purposes and its behaviour under these conditions is crucial
for effectively implementing CO2-EOR processes.

2.3.1. CO2 Properties

Figure 2.4: CO2 Phase Diagram [25]

CO2 is a colourless and odourless gas at atmospheric temperature and pressure. It is approximately
1.5 times denser than air. The critical pressure and temperature of CO2 are 73.8 bar and 31.1◦C,
respectively. At these critical conditions, CO2 exists in a phase where gas and liquid coexist. At higher
pressures and temperatures beyond the critical point, CO2 enters the supercritical state. In this state,
the density of CO2 is similar to that of a liquid, while its viscosity remains relatively low (0.05-0.08 cP).
Supercritical CO2 can extract hydrocarbon components from oil more effectively compared to gaseous
CO2 [25]. This supercritical state of CO2 is utilised in CO2-EOR processes. Although the low viscosity
of CO2 can limit its effectiveness in sweeping oil, the dissolution of CO2 in oil reduces oil viscosity, which
aids in improving oil recovery. Liquid CO2 exists between its critical temperature and pressure and its
triple-point temperature (-56.4◦C) and pressure (5.1 bar). With its lower viscosity in the supercritical
state compared to oil, CO2 has an unfavourable mobility ratio (Equation 2.1), leading to less effective
oil displacement and the formation of viscous fingering (Figure 2.5) through highly permeable layers.
This results in an early CO2 breakthrough at the outlet. Additionally, the lower density of CO2 compared
to oil leads to gravity segregation, placing CO2 on top of the oil phase along the reservoir’s length and
causing early CO2 production at the outlet. These phenomena result in an ineffective areal sweep of
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the oil in place (OIP) (Figure 2.5).

Figure 2.5: Problems caused by high CO2 mobility in an oil reservoir: (a) poor areal sweep, (b) gas channelling, and (c) gravity
override. [31]

2.3.2. CO2 and Oil
Miscible CO2 Injection The miscibility of injected CO2 with oil depends on reservoir pressure, tem-
perature, and oil properties. When the conditions are suitable, the pressure at which CO2 and oil can
mix thoroughly is known as the minimum miscibility pressure (MMP). In 1974, Holm and Josendal [16]
defined MMP as the pressure at which more than 80% of the OIP is recovered when CO2 breakthrough
occurs. Recently, the rule-of-thumb for estimating MMP has evolved to consider achieving an oil re-
covery of at least 90% when injecting 1.2 times the hydrocarbon pore volume (HCPV) of CO2. This
criterion, proposed by Yellig and Metcalfe in 1980 [67], has been commonly used to estimate MMP.
Therefore, the miscibility of CO2 and oil and the determination of MMP play crucial roles in assessing
the effectiveness of CO2 injection for EOR. Oil recovery increases rapidly with increasing pressure,
then flattens out when MMP is reached, as shown in Figure 2.6.

Figure 2.6: Slim-tube oil recoveries at increasing pressures for fixed oil composition and temperatures [67]
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Three primary mechanisms for achieving hydrocarbon miscibility exist: first contact, vaporising gas
drive, and condensing gas drive [55].

• First-contact miscible solvents mix with reservoir oil in any proportion, resulting in a single-phase
mixture. However, solvents like CO2 are not initially miscible but can develop miscibility with
repeated contacts, known as dynamic miscibility. This dynamic miscibility significantly improves
oil recovery.

• The vaporising gas drive process achieves dynamicmiscibility by vaporising intermediate-molecular-
weight hydrocarbons from the reservoir oil into the injected gas or CO2.

• The condensing gas drive process achieves dynamic miscibility by transferring intermediate-
molecular-weight hydrocarbons (or CO2 in the case of CO2-EOR) into the reservoir oil.

When the reservoir pressure exceeds the MMP, miscibility between CO2 and reservoir oil is achieved
over time through multiple contacts or dynamic miscibility. In the vaporisation gas drive process, inter-
mediate and higher molecular weight hydrocarbons from the reservoir oil vaporise into CO2. In contrast,
in the condensation gas drive process, part of the injected CO2 dissolves into the oil. This mass trans-
fer between the oil and CO2 allows complete miscibility between the two phases without any interface.
This development of a transition zone, as illustrated in Figure 2.7, results in a miscible region with oil
at the front and CO2 at the back [32].

Figure 2.7: The schematic of the CO2 miscible process shows the transition zone between the injection and production well.
[21]

Immiscible CO2 Injection The experiments modelled in this study were performed at reservoir condi-
tions of 40◦C and 20 bar. The experimental pressure during the core-flood experiments was maintained
below the MMP for the CO2/water/n-hexadecane system, as indicated in Table 2.1. Therefore, the ex-
periments were conducted under immiscible conditions, where complete miscibility was not achieved
between CO2 and the other components.

Table 2.1: Minimum miscibility pressures of CO2 at different pressures for the experimentally retrieved data and computed
data, including the temperature condition of 40◦C [65]

Temperature (◦C) CO2/H2O/n-C16H34 Experiment (MPa) CO2/H2O/n-C16H34 Computed (MPa)
40.3 7.6 8.35

55.4 10.2 10.93

70 13 12.35

When the reservoir pressure is below the MMP or the reservoir oil composition is not favourable, CO2

and oil will not mix to form a single phase and will not exhibit miscibility. However, CO2 can still dissolve
in the oil, leading to oil swelling and reduced viscosity. These effects improve sweep efficiency and
facilitate additional oil recovery. Like hydrocarbon gases, the solubility of CO2 in oil increases with
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increasing pressure and decreases with decreasing temperature. This relationship can be observed
in Figure 2.8 [49, 64]. The figure demonstrates how changes in pressure and temperature impact the
solubility of CO2 in oil.

Figure 2.8: Solubility of CO2 in crude oil from Moran field in Kansas as a function of pressure and temperature [64]

2.4. Polymer Assisted Water Alternating Gas
2.4.1. WAG v/s PA-WAG
WAG is an EOR process that involves the simultaneous or cyclic alternation of drainage (D) and imbibi-
tion (I) in the reservoir [39]. Initially, WAG injection was introduced as a means to enhance macroscopic
sweep efficiency during gas injection. However, it is now widely applied in matured oil fields to improve
recovery by re-injecting produced gas into water injection wells. WAG injection has proven to be an
effective method for maximising oil recovery in these fields.

WAG recovery techniques offer a solution to the poor macroscopic sweep efficiency associated with
gas injection due to the high mobility of gases [18]. By combining water and gas injection, WAG aims to
maximise incremental oil production by utilising gas’s high microscopic displacement efficiency and the
large macroscopic swept volume achieved through water injection [24]. The simultaneous injection of
water and gas shifts from the original oil-water two-phase system to a three-phase oil-gas-water system
in the reservoir. During water flooding, the high relative permeability of water and low flow resistance
facilitates easy water channelling through the porous medium. However, with the introduction of gas-
water alternation, the relative permeability of water is significantly reduced, increasing flow resistance
and reducing the likelihood of water channelling [47, 2]. At the same time, the relative permeability of the
gas phase decreases compared to gas flooding, enabling better control of gas fingering and stabilising
the gas front. This prolonged breakthrough time allows for improved sweep efficiency and overall
recovery factor. Reduced residual oil saturation, hysteresis effects, and decreased IFT contribute to
additional oil recovery during immiscible WAG injection [44]. Compared to water and oil, the low IFT
between gas and oil allows gas to displace oil from small pore spaces that are not accessible to water
alone. The co-injection of water and gas leads to gas trapping, mobilising oil at low saturations, and
effectively reducing residual oil saturation. Compositional exchanges between the injected fluid and
reservoir oil duringWAG can also enhance oil recovery by inducing oil swelling and reducing oil viscosity,
thereby improving oil mobility [12]. These mechanisms collectively contribute to increased oil recovery
during WAG operations.
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Figure 2.9: Schematic representation of WAG injection in a reservoir [3]

Despite its benefits, the WAG process still experiences limitations due to gravity segregation, particu-
larly in reservoirs with high permeability zones or fractures. This can lead to early breakthroughs of
CO2 and water, leaving a significant portion of the reservoir untouched (Figure 2.9). A novel technique
called PA-WAG was introduced to address this challenge and enhance sweep efficiency and oil re-
covery. The main feature of PA-WAG is that the polymer is injected with water throughout the WAG
process.

Figure 2.10: Schematic representation of the flooding front of gas flooding, WAG and PA-WAG. Altered from Sajad, Alexander,
and Barron (2020) [45]

The PA-WAG method represents a novel approach that combines the advantages of CO2 flooding
(miscible or immiscible) and polymer flooding, resulting in a chemically enhanced WAG flood. By incor-
porating the solubility of CO2 injection and the effective mobility control of polymer solutions, PA-WAG
offers improved microscopic and macroscopic sweep efficiencies and helps to mitigate gravity segre-
gation issues that can occur in traditional WAG and gas flooding processes. Importantly, the PA-WAG
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method achieves these benefits while reducing the overall usage of polymers compared to conventional
polymer flooding techniques [63]. A recent study by Van Wieren et al. (2022) [65] reported successful
implementation of PA-WAG injection, leading to reduced consumption of both CO2 and water while
significantly improving oil recovery.

2.4.2. Effects of CO2 on Polymer
Understanding the interaction between the polymer and CO2 phases in the PA-WAG process is crucial
for evaluating and predicting its performance.

Figure 2.11: Stability of the polymer solution (2000 parts per million (ppm) SAV-10XV) with dissolved CO2 at 40 ◦C and 20 bar.
The polymer shows a decrease in overall viscosity. Over time, the viscosity recovers [65]

Ageing tests conducted by Tovar, Barrufet, and Schechter (2014) [60] showed that when the PAM-
ATBS (Polyacrylamide - Acrylomido Tertiary Butyl Sulfonate) polymer was exposed to CO2, there was
an initial sharp increase in viscosity of around 30% within the first few days. Subsequently, the for-
mation of carbonic acid due to the reaction between water and CO2 resulted in a decrease in pH and
viscosity. After 50 days, the viscosity recovered and stabilised at 104% of its initial viscosity. The low
pH conditions induced by carbonic acid in the early stages of ageing promoted the hydrolysis reaction,
leading to viscosity recovery. In a more recent study conducted by Van Wieren et al. (2022), [65], using
the ATBS(AMPS(2-acrylamido-2-methyl propane sulfonic acid))-modified HPAM polymer SAV-10XV in
combination with CO2 as an EOR technique, it was observed that when the polymer was in contact with
fully saturated CO2 conditions, it experienced a loss in viscosity due to the formation of acids resulting
from CO2 dissolution in water. However, over time, the polymer underwent hydrolysis, catalysed by the
acidic pH of the solution caused by carbonic acid. This led to the recovery of the polymer’s viscosity,
reaching 53.5 ± 5.5% of the initial viscosity at a shear rate of 80 s−1 after 29 days of ageing (Figure
2.11). The polymer demonstrated good stability when exposed to lower CO2 molar concentrations, rep-
resenting PA-WAG injection conditions. It did not experience a decrease in viscosity with exposure to
these CO2 concentrations and retained 100% of its initial viscosity after four days of ageing. Although
the viscosity retained in the presence of CO2 was slightly lower than that in the presence of nitrogen
gas, the usage of CO2 in the PA-WAG process was preferred due to its higher viscosity and density
than nitrogen. However, it is important to note that the initial decrease in viscosity during ageing in CO2

at reservoir conditions can negatively impact sweep efficiency during the early stages of flooding. To
mitigate this, increasing the polymer concentration can enhance viscosity.



3
Methodology

3.1. Summary of Experimental Data
This study’s primary source of experimental data is the work conducted by Van Wieren et al. (2022)
[65]. Several core-flood experiments were performed on the Bentheimer sandstone cores, but here we
will focus on the experiments considered for our work.

3.1.1. Procedure
The experimental procedures are outlined in Table 3.1, providing essential details for each experiment.
In experiments, Exp. 1 and Exp. 2, polymer and CO2 flooding were employed as secondary recovery
modes, respectively. Both polymer and CO2 were injected at the initial oil saturation (Soi) established
after the oil injection stage. Subsequently, continuous CO2 injection followed polymer flooding at the
residual oil saturation after polymer flooding (Sor,PF ), and polymer flooding occurred after CO2 injection
at the residual oil saturation after CO2 injection (Sor,CO2 ). For experiment Exp. 3, a PA-WAG injection
scheme was implemented in six cycles. Each cycle consisted of a polymer slug of 0.22 PVI followed
by a CO2 slug of 1.3 PVI, all at Soi.

Table 3.1: Configuration for all core-flood experiments [65]. PF - Polymer Flood

Step Experiment Procedure Back Pressure (bar) Flow Rate (cm3/min) CT-Scan
1 All CO2 Flusihing - - No

2 All Vacuuming - - No

3 All Brine Saturation 20 2 No

4 All Oil Injection 20 0.5 Yes

5
PF + CO2 (Exp. 1) - 20 Polymer: 0.5 , CO2: 0.5 Yes
CO2 + PF (Exp. 2) - 20 Polymer: 0.5 , CO2: 0.5 Yes
PA-WAG (Exp. 3) - 20 Polymer: 2 , CO2: 0.5 Yes

In this study, the focus will be solely on the polymer flooding part of Exp. 1 and the CO2 flooding part of
Exp. 2. The primary objective is to gain a deep understanding of the physics and intricacies associated
with these individual flooding processes. This knowledge will be the starting point for the subsequent
simulation and history-matching of Exp. 3, which involves the PA-WAG injection scheme in the Ben-
theimer sandstone core. The successful simulation and history-match of Exp. 3 are the main goals of
this work, given its more complex nature compared to the previous experiments.

15
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3.1.2. Fluid Properties
The oleic phase used in all experiments was n-hexadecane (CH3(CH2)14CH3) doped with 20 wt% 1-
iododecane, which was chosen to enhance the CT contrast. The physical properties of this doped oleic
phase and the gas phase, brine, and polymer solution utilised throughout the core-flood experiments
are presented in Table 3.2. These physical properties play a crucial role in determining the behaviour
and interactions of the different phases during the experiments. They are essential inputs for the sim-
ulations and history-matching processes.

Table 3.2: Physical properties of fluids used in all experiments reported at 40◦C and atmospheric pressure [65].

Fluid Density (g/cm3) Viscosity (cP)
Shell Brine 1.0184 ± 0.002 0.75 ± 0.02

Polymer Solution 2000 ppm SAV-10XV (15 s−1) 1.0256 ± 0.001 11.4 ± 0.2

Polymer Solution 2000 ppm SAV-10XV (60 s−1) 1.0256 ± 0.001 6.3 ± 0.2

n-hexadecane <0.0006 wt% Oil Red O 20 wt% 1-iododecan 0.8297 ± 0.001 2.26 ± 0.02

Carbon Dioxide Gas 1.839 ± 0.001 * 10−3 1.46 ± 0.5 * 10−2

All densities and viscosities presented in the table were reported at 40°C and atmospheric pressure.
The viscosity of the polymer solution is influenced by its shear thinning behaviour under shear stress.
Therefore, the viscosity values are provided at specific apparent shear rates corresponding to the core-
flood injection conditions. For the polymer flood injection at 0.5 cm3/min, the viscosity is given at an
apparent shear rate of 15 s−1. On the other hand, for the PA-WAG injection at 2 cm3/min, the viscosity
is provided at an apparent shear rate of 60 s−1.

3.1.3. Core Properties
In this study, the primary material employed as a representative reservoir for the core-flood experi-
ments was well-characterized Bentheimer sandstone. The core sample utilised in the experiments had
a length of 17 cm and a diameter of 3.8 cm. The Table 3.3 summarises each core’s porosity and per-
meability values and the calculated pore volume (PV).

Table 3.3: Properties of the Bentheimer sandstone cores used in all the experiments. [65]

Experiment Exp. 1 Exp. 2 Exp. 3
Injection Scheme PF + CO2 CO2 + PF PA-WAG

Rock Type Bentheimer Bentheimer Bentheimer

Porosity (%) 23.1 ± 0.10 21.6 ± 0.10 21.9 ± 0.10

Permeability (Darcy) 1.85 ± 0.07 2.69 ± 0.10 2.66 ± 0.10
Length (cm) 17.00 ± 0.10 17.00 ± 0.10 17.00 ± 0.10

Diameter (cm) 3.80 ± 0.10 3.80 ± 0.10 3.80 ± 0.10

PV (cm3) 44.24 ± 1.20 41.60 ± 1.20 42.22 ± 1.24
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3.2. Reservoir Simulator
3.2.1. Overview of the MATLAB Reservoir Simulation Toolbox
MRST-AD is a freely available open-source framework that is an integral part of the MATLAB Reservoir
Simulation Toolbox. Its main objective is to facilitate rapid prototyping and experimentation for reservoir
simulation problems. The software is divided into two components, as illustrated in Figure 3.1. The
relatively compact core module provides data structures and basic routines for configuring, solving, and
visualising incompressible single and two-phase models on structured and unstructured grids.

Figure 3.1: MRST is structured with a core module that offers fundamental data structures and simplified solvers. Additionally,
it comprises a collection of add-on modules that provide more sophisticated models, solvers, viewers, and workflow tools for

advanced simulations [23].

The second part of the MRST-AD software comprises a series of add-on modules that expand, com-
plement, and enhance the functionalities available in MRST-core. Other modules also offer convenient
features like reading and processing industry-standard input decks and interactive visualisation tools,
among other useful capabilities. Combining the core module and these add-on modules empowers
researchers with a comprehensive set of tools for tackling various challenges in reservoir simulation
while promoting flexibility and efficiency in their work.

3.2.2. MRST v/s Commercial Simulators
MRST and commercial reservoir simulators offer different features in reservoir simulation. MRST is
an open-source framework, providing unrestricted access to its source code for customisation, making
it well-suited for academic research. In contrast, commercial simulators are proprietary software with
pre-defined features and licensing fees. MRST requires programming knowledge in MATLAB, while
commercial simulators have user-friendly interfaces and comprehensive documentation. Commercial
simulators offer dedicated support and regular updates, whereas MRST relies on user contributions.
MRST is free, making it advantageous for research and education, while commercial simulators un-
dergo validation and obtain industry certifications for real-world applications.
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The main objective of MRST is to expedite the period from generating a new idea to demonstrating its
viability in realistic reservoir engineering problems. To address the challenges of slow prototyping and
validation of mathematical models and computational methods, MRST was introduced as a powerful
open-source toolbox written in MATLAB. The framework facilitates rapid prototyping of black oil-type
models through automatic differentiation, vectorisation, and abstract operators for spatial discretisa-
tions, streamlining the implementation of new models. Additionally, the framework includes state-of-
the-art methods for time-step control, preconditioning methods (CPR), and algebraic multigrid solvers
for high numerical efficiency. MRST also supports reading and parsing industry-standard input decks
describing the reservoir, the wells, and the simulation schedule, enhancing its practicality in realistic
scenarios.

3.2.3. MRST Workflow
MRST’s functionality is organised into three main modules, each serving a specific aspect of reser-
voir simulation. The Core Module is central as it provides essential data structures, including grids,
petrophysics, wells, and boundary conditions. The Utility Module is another vital component, offering
a graphical interface that facilitates interactive visualisation of simulation results. Through visual rep-
resentations, researchers can analyse and interpret the simulation output, gaining deeper insights into
the behaviour of the reservoir. Additionally, this module includes deck format, a tool that simplifies the
input of eclipse simulation decks, streamlining the process of integrating external data and setting up
simulations. Figure 3.2 gives an overview of how the different modules in MRST are used to implement
a fully implicit simulator.

Figure 3.2: Modules from MRST used to implement a fully implicit polymer simulator. [7].

The ad-core module of MRST provides an object-oriented framework known as AD-OO (Automatic Dif-
ferentiation Object-Oriented), which enables rapid prototyping of new reservoir simulators. This frame-
work simplifies modifying existing simulation models in MRST or creating entirely newmodels. In MRST
versions 2019a and later, the AD-OO framework is further enhanced by introducing state functions and
state function groups. These class objects facilitate the evaluation of fluid properties, discretised fluxes,
and other crucial properties during flow simulation. State functions in MRST treat the governing equa-
tions of a model as an interconnected graph of functions, making it easier to handle spatial variations
in functional relationships, variable phases and components, and the redefinition of discrete equations.
This streamlined approach enables the implementation of new mathematical equations in a compact
form closely aligned with the mathematical formulation. Once the discrete equations are implemented,
MRST automatically generates the necessary discretisations and linearisations to create a functional
simulator. By default, the simulator is designed to operate on general unstructured grids, enhancing
its adaptability to various scenarios. Figure 3.3 gives an overview of how components in the object-
oriented AD framework are organised to implement a black oil simulator.

To evaluate the performance of a new simulator, the functionality to read and parse commercial input
decks can be utilised and then conduct proper validation on test cases that mirror the real-world com-
plexities encountered in reservoir engineering scenarios. Figure 3.4 demonstrates the function of the
input parser.
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Figure 3.3: The object-oriented AD framework in MRST is structured to efficiently implement a black oil simulator, with different
components colour-coded based on their corresponding construct types (classes, structs, or functions) [7].

Figure 3.4: The AD-OO framework’s input parser allows instantiating data structures for simulations from industry-standard
input decks [7].



3.3. The Three-Phase Black Oil Model 20

3.3. The Three-Phase Black Oil Model
The central focus of this study is the three-phase black oil model, which holds a key role, as highlighted
in the research objectives. The goal is to use this simple model to simulate complex recovery pro-
cesses. This section explores the governing equations of the three-phase black oil model, which are
the foundation for creating additional modules to simulate polymer flooding, CO2 flooding, and PA-WAG
injection in this study.

The generic black oil Model derived from the three-phase black oil model represents a multicomponent,
multiphase flow system without diffusion among fluid components. It assumes hydrocarbon species
can be grouped into two components at surface conditions: a heavy hydrocarbon component known
as ’oil’ and a light component called ’gas.’ In reservoir conditions, these components can wholly or
partially dissolve in each other, creating a liquid oleic phase and a gaseous phase based on pressure.
Additionally, there is an aqueous phase, assumed to be composed solely of water. The continuity
equations corresponding to this model are as follows:

δt(ϕbwSw) +∇ · (bwvw)− bwqw = 0 (3.1)

δt[ϕ(boSo + bgrvSg)] +∇ · (bovo + bgrvvg)− (boqo + bgrvqg) = 0 (3.2)
δt[ϕ(bgSg + borsSo)] +∇ · (bgvg + borsvo)− (bgqg + borsqo) = 0 (3.3)

In this context, the symbol ϕ represents the rock porosity, while Sα refers to the saturation, pα denotes
the phase pressure, and qα represents the volumetric source of phase α. The user-specified functions
of phase pressures include the inverse formation-volume factors bα, which indicate the ratio between
the bulk volumes of a fluid component occupied at surface and reservoir conditions. Additionally, the
gas-oil ratio rs and oil-gas ratio rv measure the volumes of gas dissolved in the oleic phase and oil
vaporised in the gaseous phase, respectively. The phase fluxes vα are determined using Darcy’s law.

vα = −λαk(∇pα − ραg∇z) ;α = o, w, g (3.4)

In the given context, k represents the absolute permeability of the reservoir rock, while λα = krα/µα

denotes the mobility of phase α. Here, krα represents the relative permeability, and µα represents
the phase viscosity. The model is completed by assuming that the fluids fully occupy the pore space,
satisfying the equation So+Sw+Sg = 1. Saturation-dependent capillary functions are also provided to
establish the relationship between the phase pressures. The equation system comprises three primary
unknowns. In the presence of only the aqueous and liquid phases, rs is chosen, while rv is chosen
when only the aqueous phase is present. When all phases are present, rs and rv depend on pressure,
and Sg is selected as the final unknown. Appropriate initial and boundary conditions must be specified
to form a comprehensive model. In this case, no-flow conditions are assumed at the outer boundaries,
and the initial condition is supplied by the user, typically in the form of a hydrostatic pressure and fluid
distribution. Additionally, extra well equations are required to compute the volumetric source terms qα.

qα = λαWI(pw − p) (3.5)

In the described reservoir simulation, p represents the reservoir pressure within a grid cell, and pw
represents the pressure within the wellbore. The well index WI considers various rock properties and
geometric factors influencing the flow. The flow inside the wellbore is assumed to be instantaneous,
meaning that fluids injected at the surface immediately enter the reservoir. Wells are typically con-
trolled by either surface rates or bottom-hole pressures, and these controls are implemented as extra
equations that impose target values for fluid rates and bottom-hole pressures. Operational constraints
are also considered, determining the response if computed rates or pressures violate predefined limits.
For instance, a well may switch from rate control to pressure control or shut in if hydrocarbon rates
become too low.

The three-phase black oil model will serve as the fundamental basis for the simulations conducted in
this study. The three-phase black oil model has derived the simulators for modelling different processes,
such as polymer flood, CO2 flood, and PA-WAG. The selection of specific derivatives of the three-phase
black oil model will depend on the process under investigation and the composition of phases and
components within the system. Detailed explanations of these derivatives is provided in the subsequent
sections.
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3.3.1. Polymer Flooding Simulator
The polymer model in MRST, known as the generic surfactant polymer model, is based on the extension
of the generic black oil model. It is designed explicitly for polymer and surfactant flooding simulations.
However, since we are only interested in polymer flooding in this context, we will omit the details of
the surfactant properties and solely focus on the polymer part of the model. The model assumes that
polymers are transported in the aqueous phase and that the presence of polymers alters the viscosity
of this phase, leaving the liquid oleic and gaseous phases unaffected. The corresponding continuity
equation for the polymer model is as follows:

δt(ϕ(1− sipvbwSwc) + δt(ρrc
a(1− ϕ)) +∇ · (bwvpc)− bwqwc = 0 (3.6)

In the polymer model, the polymer concentration (c) is defined within the range [0, c∗], where c∗ rep-
resents the maximum possible concentration. The polymer adsorption concentration, denoted by ca

= ca(c), characterises the interaction between the polymer and the reservoir rock. The density of the
reservoir rock is given by ρr, and sipv represents the inaccessible pore volume. To account for the ef-
fects of the polymer on the fluid mixture, the model introduces effective mixture viscosities µw,eff and
µp,eff , which depend on the polymer concentration. These viscosities play a crucial role in describing
the reduced mobility of the mixture of pure water and diluted polymer during the polymer flooding. This
gives modified Darcy equations of the form,

vw = − krw(Sw)

µw,eff (c)Rk(c)
k(∇pw − ρwg∇z) (3.7)

vp = − krw(Sw)

µp,eff (c)Rk(c)
k(∇pw − ρwg∇z) (3.8)

The functionRk(c) captures the phenomenon of reduced permeability experienced by thewater-polymer
mixture due to polymer adsorption onto the surface of the reservoir rock. It is a non-decreasing function
that quantifies the impact of polymer adsorption on the flow behaviour within the reservoir.

In modelling polymer flood, several effective properties are utilised to capture the flow physics involved
in the process. These properties are essential for simulating the behaviour of polymers within the
reservoir and their impact on fluid flow. The underlying flow physics of these effective properties will be
detailed in the following subsections, providing a comprehensive understanding of how these properties
contribute to the overall simulation of polymer flooding in the reservoir.

Inaccessible Pore Volume
The faster propagation of polymers through a porous medium compared to an inert chemical tracer
dissolved in the polymer solution can be attributed to two main reasons. Firstly, the larger size of poly-
mer molecules restricts their entry into narrow pore throats and dead-end pore channels, limiting their
access to certain areas of the reservoir. Secondly, the free-tumbling motion of polymer molecules is
feasible only at the centre of the pore channels, away from the surface of the pore walls. As a result,
the polymer solution can only flow through a fraction of the total pore space. Equation 3.6 models this
effect through the scalar rock parameter sipv, representing the volume of the pore space that remains
inaccessible to the polymer solution.

Polymer Adsorption
The attachment of the polymer to the rock surface occurs through physical adsorption, leading to a re-
duction in polymer concentration and introducing resistance to flow, which subsequently decreases the
effective permeability of water. This adsorption process is assumed to be instantaneous and reversible,
and its representation in Equation 3.6 includes the accumulation term ρrc

a(1−ϕ). The polymer adsorp-
tion parameter ca is modelled using an approach based on Langmuir isotherms, where the adsorbed
concentration is a function of the polymer concentration. The specific form of this relationship is:

ca(c) =
a(c− ca)

1 + b(c− ca)
c = min(c, c∗) (3.9)

Here, a and b are constants, c∗ is the maximum polymer concentration and c− ca represents the equi-
librium concentration in the rock-polymer solution system.
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Permeability Reduction
The permeability reduction factor Rk, which accounts for the reduction in the rock’s effective permeabil-
ity to water due to polymer adsorption and the entrapment of polymer molecules in narrow pore throats,
is given by the equation:

Rk(c, cmax) = 1 + (RRF − 1)
ca(c, cmax)

camax

; cmax(x, t) = maxc(x, s); s <= t (3.10)

The maximum adsorbed concentration is denoted by camax, and the RRF is a parameter greater than or
equal to 1, defined as the ratio between the brine (water) mobility measured before and after polymer
flooding. Both camax and RRF are rock-type dependent quantities.

Effective Viscosity
The Todd-Longstaff mixingmodel is employed to determine the effective viscosities of the water-polymer
mixture. This model utilises a mixing parameter, denoted by ω, which ranges between 0 and 1 and rep-
resents the degree of mixing of polymer into water. If ω = 1, water and polymer are fully mixed, while ω
= 0 indicates complete segregation of the polymer solution from pure water. The viscosity of a wholly
mixed polymer solution is represented as µfm = µfm(c). The effective polymer viscosity is computed
as follows:

µp,eff = µfm(c)ω · µ1−ω
p (3.11)

where µp = µfm(c∗). The viscosity multiplier, mµ(c), is a user-prescribed function used to define µfm,
typically represented as µfm = mµ(c)µw. The partially mixed water viscosity is determined similarly as
follows:

µpm = µfm(c)ω · µ1−ω
w (3.12)

The effective water viscosity is obtained by combining the contributions from the polymer solution and
pure water viscosities.

µw,eff =
mµ(c)

ωµw

1− c′ + c′

mµ
(c∗)1−ω

; c′ = c/c∗ (3.13)

Two-Phase Relative Permeability
When simulating the primary drainage and polymer flood process, the system consists of two phases:
oil and water. As a result, each phase (α = o, w) experiences an effective permeability krα that is lower
than the absolute permeability k. The presence of another phase introduces additional obstacles to
flow. To represent this reduced permeability, the concept of relative permeability is introduced, defined
as:

krα = kα/k (3.14)

Where k is the absolute permeability of the rock, and kα is the permeability to phase α = o, w (for a
two-phase system). The two-phase relative permeability for an oil-water system is modelled using the
Brooks-Corey equation [8] as follows:

krow = (kroe)Swr
[

So − Sorw

1− Sorw − Swr
]no (3.15)

krw = (krwe)Sorw [
Sw − Swr

1− Sorw − Swr
]nw (3.16)

Here, krow and krw represent the relative permeabilities of oil and water, respectively. The parame-
ters kroe and krwe correspond to the end-point relative permeabilities of oil and water, determined from
experimental measurements. So and Sw denote the oil and water saturations, while Sorw and Swr rep-
resent the residual oil and water saturation obtained from CT-scan saturation data. The curve shape
coefficients, no and nw, are fine-tuned as history-matching parameters.
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Capillary Pressure
The Leverett-J function is utilised to compute capillary pressures in the model. It scales the capillary
pressure functions based on the rock porosity and permeability. The dimensionless J-function values
are used instead of specifying the capillary pressure values in the saturation function tables (using
either the SWOF or SGOF keywords in the input deck). Subsequently, the capillary pressure can be
calculated using the expression:

Pc = J(Sw) · Sf (3.17)
where the scaling factor Sf is defined as

Sf = ST · ϕ
α

kβ
· Uconst (3.18)

where J(Sw) represents the J-function value, ST is the user-defined surface tension for the oil-water
system, ϕ and k are the cell porosity and permeability, respectively, and α and β are the porosity and
permeability powers. Uconst is set to 0.32 for the metric system of units.

The function J needs to be obtained as a tabulated function of Sw by fitting re-scaled observed Sw

to a strictly monotone J-shaped function [28]. To set up a multiphase flow simulation, the saturation
distribution inside the core is provided with the keyword SWCR and enabling endpoint scaling using
the keyword ENDSCALE.

3.3.2. CO2 Flooding Simulator
Immiscible Gas Injection
The CO2 flooding simulator is specifically designed to model the CO2 flooding process. Introducing CO2

into the system creates an additional gaseous phase, making it suitable to utilise the generic black oil
model. The governing equations of the three-phase generic black oil model discussed in section 3.3 will
not be reiterated here to maintain conciseness. However, it is essential to note that CO2 behaves as a
gas under experimental conditions, making it unfavourable for a miscible displacement. Consequently,
the process is modelled as an immiscible injection with dead oil and dry gas, meaning that the oil does
not contain any dissolved gas, and the gas does not contain any vaporised oil. For further reference,
Table 3.4 and Figure 3.5 illustrate the relevant properties and conditions.

Table 3.4: Properties of the gaseous, liquid and oleic phases at experimental conditions

Component Ref. Pressure (bar) Ref. Temp (◦C) FVF Viscosity (cP)
Dry Gas (CO2)

20 40
0.041 0.0146

Dead Oil 1.175 2.28
Water 1 0.73

Figure 3.5: Left: Phase diagram of CO2 showing that it behaves as a gas at the experimental conditions. Right: Plot showing
the conditions needed for miscible displacement in CO2 flooding [36].
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Three-Phase Relative Permeability and Capillary Pressure
The default model for calculating three-phase oil relative permeability in MRST shares the fundamental
concept with the Stone I model. However, unlike the Stone I model, which utilises a nonlinear rela-
tionship to interpolate the two-phase curves, the default model uses a simpler linear relationship. The
model assumes complete segregation of water and gas within each cell, leading to the fluid distribution
shown in Figure 3.6.

Figure 3.6: Fluid distribution inside each cell assumed by the default method for computing three-phase oil relative
permeability in MRST [28].

In the two zones of each cell, the fluid distribution is as follows: In the upper gas zone, oil and gas
flow, with oil saturation (So), water saturation (Swr), and gas saturation (Sg + Sw - Swr). In the lower
water zone, oil and water flow, with oil saturation (So), water saturation (Sg + Sw), and gas saturation
(0). The three-phase oil relative permeability is then linearly interpolated from the two-phase relative
permeabilities [28] using the following equation:

kro(Sg, Sw) =
Sgkrog(So)

Sg + Sw − Swr
+

(Sw − Swr)krow(So)

Sg + Sw − Swr
(3.19)

The two-phase relative permeability tables for the oil-water system are generated and provided as input
using the relations 3.15 and 3.16. The relative permeabilities in the gas-oil system are calculated using
the following Corey type set of relations [4]:

krog = (kroe)Sgr
[
1− Sg − Slr

1− Slr − Sgr
]no ;Slr = Swr + Sorg (3.20)

krg = (krge)Swr [
Sg − Slr

1− Slr − Sgr
]ng ;Slr = Swr + Sorg (3.21)

The relative permeabilities of oil and gas are denoted as krog and krg, respectively. kroe and krge rep-
resent the endpoint relative permeabilities of oil and gas. Slr, Sgr and Sorg are the residual liquid, gas
and oil saturations in the three-phase system obtained from the CT-scan data. The shape coefficients
no and ng are used as history-matching parameters.

In the CO2 flooding simulator, the capillary pressure is modelled using the Leverett-J function, similar
to the approach described in section 3.3.1. However, in this case, the gas-oil surface tension is also
considered an additional input to calculate the capillary pressures for the gas-oil system.
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3.3.3. PA-WAG Injection Simulator
The PA-WAG injection simulator effectively combines the capabilities of the polymer flooding and CO2

flooding simulators by utilising the generic surfactant polymer model. As previously mentioned, the
generic surfactant polymer model expands upon the three-phase black oil model, incorporating spe-
cific equations that accurately represent the flow physics of polymers in the porous media. This feature
enables it to simulate three-phase scenarios involving polymers, making it well-suited for modelling the
alternating injection of polymer and CO2 during the oil recovery.

As PA-WAG injection involves a three-phase system, the inputs for relative permeability and capillary
pressure follow a similar process to the ones described in section 3.3.2. However, implementing them
in the PA-WAG injection simulator is more intricate than the CO2 flooding simulator. The reason is the
alternating cycles of gas and polymer injections, which lead to gas trapping and hysteresis, requiring
adjustments to the relative permeabilities during different cycles. This necessitates running segmented
simulations to model the PA-WAG process accurately. Further details about the segmentation and its
impact will be discussed in sections 3.4.5 and 4.4.
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3.4. Core-Flood Simulations
This section details the methodology implemented in setting up the grid and selecting the input param-
eters for the simulations in this study. As stated in previous chapters, the numerical simulation tool
used for the analysis was MRST. All the matches were developed under a 2-Dimensional (2D) con-
figuration. For primary drainage and polymer flooding, a two-phase scheme was preferred. Once the
CO2 flooding was implemented, an additional gas phase was involved. Finally, the three-phase generic
surfactant polymer model built upon the generic black oil model included in MRST was used to analyse
the PA-WAG injection scheme where the alternate injection of polymer and CO2 was implemented as
an EOR technique.

3.4.1. Grid Setup
A 2D grid was established using CT-scan data in all experiments. The initial step in setting up this grid
involved considering a 1-Dimensional (1D) displacement along the horizontal (x-direction) of the core’s
length. The number of grid cells in this direction varied depending on the resolution of the CT scan
employed. For Exp. 1, the CT scan had a resolution of 2 mm. This resolution resulted in 81 available
data points considering an average core length of 16 cm. In contrast, Exp. 2 and Exp. 3 utilised a
higher resolution of 0.6 mm. Consequently, with an average core length of 16.5 cm, these experiments
had access to 275 data points. However, while all the data points were utilised for Exp. 1, a decision
was made in the case of Exp. 2 and Exp. 3 to balance the grid configuration regarding simulation time
and quality. The grid was coarsened by selecting a ratio of 3 original fine cells per coarse cell in the
x-direction to achieve this. As a result, Exp. 2 had 92 coarse cells, while Exp. 3 had 91 in the x-direction.

To generate the 2D grid, the ImageJ software was employed in the subsequent step. For each CT slice
image, 17 cells were drawn perpendicular to the core’s length in the z-direction. This approach ensured
coverage of the core’s maximum cross-sectional area. This procedure was repeated for all the images
in sequence, ensuring the construction of the 2D grid structure for each core. Details about the specific
steps implemented in ImageJ can be found in appendix A. Figure 3.7 illustrates the distinction between
a fine cell, which represents the initial discretisation of the CT scan, and a coarse cell, which is a cluster
of fine cells used for scaling purposes along the core section. Additionally, the figure showcases the
overlay of the grid on the CT image, demonstrating the process of obtaining the 2D grid.

Figure 3.7: Left: Relationship between the core section, fine and coarse cells. Right: Vertical Grid Overlay on the CT image
used to transform the 1D grid to 2D.

Table 3.5 summarises the grid configuration for each experiment. The total PV was calculated con-
sidering the porosity estimation in the coarse grid, resulting in a slightly different value compared to
the reported PV. However, this difference is acceptable given the inherent uncertainty, also reported
in Table 3.3. The subsequent Pore Volumes Injected (PVI) values were also recalculated to maintain
consistency. It was observed that the variation between the recalculated PVI and the reported PVI is
not significant.
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Table 3.5: Grid Properties for all the experiments

Experiment Number of Cells (x,y,z) ∆x (m) ∆y (m) ∆z (m)
Exp. 1 81,1,17 0.0020 0.038 0.0022

Exp. 2 92,1,17 0.0018 0.038 0.0022
Exp. 3 91,1,17 0.0018 0.038 0.0022

After discretising the grid, porosity values were obtained for individual fine cells using ImageJ. To de-
termine the porosity at the coarse cell level, the arithmetic average of the porosity values of the corre-
sponding fine cells was calculated for each coarse cell. Similarly, permeability values were determined
for each fine cell and then averaged to obtain the permeability at the coarse cell level. The permeability
was calculated as a function of porosity using the Carman-Kozeny relation [10]. The Carman-Kozeny
relation correlates porosity and permeability in fluid flow through porous media.

k =
Dp

2ϕ3

α(1− ϕ)2
(3.22)

In the mentioned expression, Dp represents the average grain diameter, which was determined as
0.27 mm based on the study by Peksa et al. (2015) [41]. The constant factor α is specific to each
core section and depends on its properties. The value of α for each core section was determined using
Equation 3.22. This step involved calculating the porosity as the average porosity of the fine cells within
each core section. On the other hand, the absolute permeability to brine for each core was obtained
during the experiments. This was accomplished by measuring the flow rates, the pressure drop across
the core, and utilising Darcy’s law,

qw =
Ak

µw
∇P ; ∇P =

∆P

∆l
(3.23)

Where k is the absolute permeability, A is the cross-sectional area of the core, qw and µw the water
injection rate and viscosity, and ∇P, ∆P and ∆l the pressure gradient, pressure differential and length
of the core, respectively. Figure 3.8 shows the 2D grid structure populated with the porosity and per-
meability values for Exp. 3. Similar porosity and permeability maps were obtained for Exp. 1 and Exp.
2 can be visualised in figures B.1 and B.3 in appendix B.

Figure 3.8: 2D Grid consisting of 91 and 17 grid cells in the x and z directions, respectively, populated with porosity and
permeability, representing the Bentheimer sandstone core in Exp. 3. Grid coarsening is applied in the x-direction by selecting a

ratio of 3 fine cells per coarse cell, reducing 272 discrete CT slices to 91 grid cells
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3.4.2. Simulation of Primary Drainage
The simulation of the primary drainage process consists of only two phases: The liquid oleic and aque-
ous phases. Consequently, the generic black oil model derived from the three-phase black oil model
in MRST is employed to simulate this process. Identifying the correct relative permeability curves is
crucial for the success of the primary drainage and subsequent flooding stages. Figure 3.9 showcases
the relative permeability curves for water and oil during the primary drainage phase in Exp. 3. These
curves offer valuable insights into the relative permeability behaviour of water and oil as a function of
water saturation levels, enabling a better understanding of fluid flow dynamics within the core sample.
The primary drainage relative permeability curves for Exp. 1 and Exp. 2 are represented in Figures
C.1 and C.5 in appendix C.

Figure 3.9: Relative Permeability curves for the primary drainage stage in Exp. 3. krw and kro represent the water and oil
relative permeability curves, respectively.

Table 3.6 summarises the relative permeability parameters for primary drainage in all the experiments.
Swr values were determined for each experiment based on the CT-scan saturations. On the other hand,
the end-point relative permeabilities used in the simulations were obtained from the permeability tests
conducted during the experiments. It is crucial to highlight that the end-point relative permeabilities
denote the values obtained at the maximum saturation of the respective phases observed during the
experiments rather than the values at 100% phase saturations.

Table 3.6: Primary drainage relative permeability parameters for Exp. 1, Exp. 2 and Exp. 3. Swr values were determined for
each experiment based on the CT-scan saturations. In contrast, the end-point relative permeabilities were obtained from the

permeability tests conducted during the experiments.

Parameter Exp. 1 Exp. 2 Exp. 3
Swr 0.249 0.300 0.219
Sorw 0.000 0.000 0.000

krwe 1.000 1.000 1.000

kroe 0.570 0.570 0.540

nw 2.700 2.700 2.750

no 5.700 2.900 3.500

In addition to relative permeabilities, two other crucial parameters required for a successful history
match are the initial water saturation distribution (Swi) and capillary pressures. Before the primary
drainage stages, the core is completely saturated with brine; thus, Swi is assumed to be 100%. For
subsequent stages, the initial saturation distribution is determined by the final saturation distribution
output obtained from the simulation of the previous stage. This ensures a continuous simulation pro-
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cess that accounts for the saturation changes over time. To calculate the capillary pressures, the
Leverett-J function is implemented, as discussed in section 3.3. The function J is obtained by fitting
the re-scaled observed data (Sw) to a strictly monotone J-shaped function, typically represented as a
tabulated function of Sw. This function characterises the capillary pressure-saturation relationship and
is essential for accurate multiphase flow simulation. The CT-scan-based Sw distribution at the end of
the primary drainage stage within the core is provided using the SWCR to incorporate the capillary end
effect in the simulation results. The SWCR keyword defines the critical water saturation, the highest
water saturation at which each grid cell’s relative permeability becomes zero. Calculating water flow
across each grid face involves using a transformed water relative permeability curve. This curve is
created by linearly scaling the tabulated relative permeability data between the newly defined critical
water saturation based on the SWCR keyword and the new maximum water saturation. The scaling
feature is enabled using the keyword ENDSCALE. This approach ensures the inclusion of the capillary
end effect, which is important for capturing the behaviour of fluid displacement and redistribution within
the reservoir during subsequent simulation stages. The input parameters for simulating the primary
drainage phase in all the experiments are summarised in Table 3.7.

Table 3.7: Summary of primary drainage input parameters for experiments Exp. 1, Exp. 2 and Exp. 3. The densities,
viscosities, and flow rate were derived from experimental data. The porosity and permeability values presented in this table

represent the average of the respective individual grid cell values used in the simulation

Parameter Exp. 1 Exp. 2 Exp. 3
Simulation Time (PVI) 5

Initial Water Saturation Sw=1

Porosity (ϕavg) 0.23 ± 0.0036 0.21 ± 0.0071 0.215 ± 0.0047
Permeability (kavg) 1820.5 ± 102.11 2711.1 ± 313.15 2651.6 ± 204.8

Density - Oil / Water (kg/m3) 829.7 / 1018.4

Viscosity - Oil / Water (cP) 2.28 / 0.73

Oil Injection Rate (m3/day) 0.00072

3.4.3. Simulation of Polymer Flooding
With the inclusion of the polymer in the system, the generic surfactant polymer model of MRST is used
to simulate the polymer flood process. As explained in section 3.3.1, MRST considers the effect of
polymer injection by modifying the viscosity of the aqueous phase using the viscosity multiplier param-
eter. This parameter is a function of the polymer concentration at any given time. Consequently, the
relative permeability curves used for the polymer flooding process in the simulation resemble a typi-
cal waterflood (forced imbibition) process in a water-wet Bentheimer sandstone core. These relative
permeability curves are modified using polymer-specific parameters during the simulation run, detailed
later in this section. These adjustments adequately represent the polymer’s impact on the flow be-
haviour during the flooding process. Figure 3.10 illustrates the relative permeability curves used for the
polymer flooding process in Exp. 1.

In addition to utilising accurate relative permeability curves, it is crucial to scale them based on the
critical water and oil-in-water saturations obtained from the CT scans. This scaling process is achieved
using the ECLIPSE keywords SWCR (for critical water saturation) and SOWCR (for critical oil in water
saturation), along with enabling endpoint scaling. By implementing this approach, the relative perme-
abilities are adjusted to properly account for the observed capillary effects within the core samples.
Furthermore, as discussed in previous sections, it facilitates the accurate calculation of capillary pres-
sures using the Leverett-J function.
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Figure 3.10: Relative Permeability curves for the polymer flood, Exp. 1. krw and kro represent the water and oil relative
permeability curves, respectively. The relative permeability of water is modified upon the addition of polymer using the

polymer-specific parameters.

Table 3.8 summarises the relative permeability parameters for the polymer flood process in Exp. 1. Swr

values were determined for each experiment based on the CT-scan saturations. The end-point relative
permeability for oil was obtained from the permeability tests conducted during the experiments. How-
ever, it is worth noting that the measurement of the end-point relative permeability of water/polymer
was affected by the formation of emulsions towards the end of the experiment, rendering it unsuitable
for direct use. To address this limitation, a decision was made to use a value for the end-point relative
permeability of water based on an extensive literature review of the waterflooding process in a water-
wet Bentheimer core. The literature provided a range of values between 0.13 and 0.18 [19, 42, 40, 30].
These values were determined through steady-state two-phase relative permeability tests, considered
more reliable than unsteady-state tests, and extensive simulation results in these studies supported
them. For this work, a value was selected within that range to match the experimental data well. It
is crucial to highlight that the end-point relative permeabilities denote the values obtained at the maxi-
mum saturation of the respective phases during the experiments rather than the values at 100% phase
saturations.

Table 3.8: Polymer Flood relative permeability parameters for Exp. 1. The end-point relative permeability of water during the
waterflooding process in a water-wet Bentheimer sandstone is employed because the formation of emulsions adversely

impacted the experimental measurements for polymer end-point relative permeability.

Parameter Exp. 1
Swr 0.249

Sorw 0.238

krwe 0.160

kroe 0.570

nw 5.400
no 5.700

The most critical parameters for history matching Exp. 1 are the polymer-specific parameters sum-
marised in Table 3.9. All these polymer-specific parameters, except for the RRF, were available from
the experiments. The RRF was utilised as a history-matching parameter to improve the simulation’s
agreement with the experimental data. The IPV was determined using the measured radius of gyration
from the experimental data, and further information about these calculations can be found in appendix
D. Only a single value at a concentration of 2000 ppm was available for polymer adsorption from the
experiments. To account for adsorption at various concentrations, a correlation was constructed using
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data from the literature on a similar HPAM polymer [68]. This correlation allowed for the estimation of ad-
sorption values at different concentrations and facilitated the construction of a Langmuir-type isotherm
for the simulations. The Langmuir-type isotherm, as seen in Figure 3.11, characterises the adsorption
behaviour of the polymer.

Table 3.9: Summary of input parameters for polymer flood, Exp. 1. All polymer parameters are determined from experiments
except for RRF, which is used as a history-matching parameter.

Parameter Exp. 1
Simulation Time (PVI) 5

Initial Water/Oil Saturation Saturation distribution output of primary drainage stage

Density - Oil / Polymer (kg/m3) 829.7 / 1025.6

Viscosity - Oil / Polymer (cP) 2.28 / 11.68

Polymer Injection Rate (m3/day) 0.00072

Polymer Viscosity Multiplier 16

IPV 0.25

RRF 3.4

Max. Adsorption (kg/kg) 9.96E-05

Max. Polymer Conc. (kg/m3) 2

Mixing Parameter 1

Figure 3.11: Langmuir-type isotherm for polymer adsorption in Exp. 1 derived from the work of Yerramilli et al. (2013) [68] on
HPAM polymers.
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3.4.4. Simulation of CO2 Flooding
The simulation of the CO2 flooding process introduces an additional gaseous phase into the system.
The generic black oil model of MRST is utilised to history-match this process. Including the gaseous
phase leads to a three-phase system, which necessitates the input of an additional gas-oil relative
permeability curve in addition to the water-oil relative permeability. To estimate the three-phase relative
permeabilities, a process of transforming the two-phase relative permeability curves was followed, as
detailed in section 3.3.2. This transformation accounts for the interactions among the three phases
in the system, enabling a more comprehensive representation of fluid flow behaviour during the CO2

flooding process. Figure 3.12 illustrates the relative permeability curves for the water-oil and gas-oil
systems.

Figure 3.12: CO2 Flood Relative Permeability curves for water-oil (left) and gas-oil (right) systems, Exp. 2. krow and krog
represent the oil in water and oil in gas relative permeabilities, whereas krw and krg are the relative permeabilities of water
and gas. Due to the Slr of 0.7, the experiments are constrained, and the maximum gas saturation achieved is limited to 0.3.

Table 3.10 summarizes the relative permeability parameters for the CO2 flooding process in Exp. 2.
The residual saturation values were determined for each experiment based on the CT-scan satura-
tions. The end-point relative permeability for oil was obtained from the permeability tests, while the
ones for water during the imbibition process as described in 3.4.3 were used. However, the experi-
ment did not provide the gas end-point relative permeability measurements. Therefore, a value was
selected based on data found in the literature on immiscible gas flooding in the Bentheimer sandstone
core. These values were observed to be in the range of 0.02 to 0.08 [19, 5, 22]. As stated in previous
sections, the end-point relative permeabilities refer to the relative permeabilities values obtained at the
highest phase saturations (oil, water, gas) achieved during the experiments rather than at 100% phase
saturations.

Table 3.10: CO2 flood relative permeability parameters, Exp. 2. Since there were no end-point relative permeability
measurements for gas, its value was determined based on literature focusing on immiscible gas flooding in Bentheimer

sandstone [19, 5, 22].

Parameter Swr Sorw Sorg Sgr

0.300 0.400 0.400 0.000

Parameter krwe krowe krge kroge
0.160 0.530 0.010 0.530

Parameter nw now ng nog
3.000 2.800 2.300 2.800
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In addition to the relative permeability curves, the saturation distribution output from the primary drainage
stage is used as input for the CO2 flood simulation. To scale the relative permeability curves and cap-
illary pressure, the critical water and oil in gas saturations are input using the SWCR and SOGCR
keywords, respectively. During all the experiments, a mass flow controller was utilised for CO2 injec-
tion, which required converting the desired flow rate in cm3/min of CO2 to mL/min of CH4. These
converted flow rate values were used as input for the simulation. However, before reporting the PVI in
the results, these values were converted back to their original flow rate values. The final input param-
eters for the CO2 flood simulation are summarised in Table 3.11

Table 3.11: Summary of input parameters for CO2 flood, Exp. 2. All simulation parameters were established using
experimental measurements as the basis.

Parameter Exp. 2
Simulation Time (PVI) 5

Initial Water/Oil Saturation Saturation output of primary drainage stage

Density(Oil/Water/Gas) (kg/m3) 829.7 / 1018.4 / 1.839

Viscosities ((Oil/Water/Gas) (cP) 2.28 / 0.73 / 0.0146

Gas Injection Rate (m3/day) 0.0142

3.4.5. Simulation of PA-WAG
The PA-WAG simulation utilises the generic surfactant polymer model, involving six injection cycles
with alternating polymer and CO2 injections. Initially, a single set of relative permeability curves was
used for all cycles, leading to unsatisfactory history-matching results. The simulation runs were divided
into segments to address this issue, with each cycle modelled separately using independent relative
permeabilities. The saturation distribution from the previous cycle served as input for the subsequent
one, ensuring continuity in the injection process and a more accurate representation of the fluid flow
behaviour. To address the phenomenon of gas trapping and its influence on the polymer injection
process, the initial two cycles were subdivided into half-cycles of polymer and CO2 injections. These
segments were independently simulated during the initial two injection cycles, employing distinct rel-
ative permeability curves for each half-cycle. Figure 3.13 illustrates the gas-oil and water-oil relative
permeability curves employed in these initial cycles, with a decrease in gas relative permeability from
cycle 1 to cycle 2, reflecting the gas trapping effect. Table 3.12 lists the relative permeability curve
parameters. The complete set of relative permeability curves used in each cycle can be found in the
appendix F.

In addition to employing reduced relative permeabilities, the simulation incorporated gas saturation
data obtained from CT scans after polymer injection in the second cycle. This gas saturation data was
utilised to estimate the trapped gas within the reservoir. To incorporate this information into the model,
the SGCR keyword was employed, which scales the gas relative permeability curves in each grid cell
based on the critical gas saturation. The critical gas saturation represents the gas saturation threshold
at which the trapped gas begins to affect the relative permeability of gas in the reservoir.

During the simulation of each cycle, all other polymer and CO2 related parameters were handled in
a manner similar to how they were used independently in the simulation of the respective processes.
The details of these parameters and their specific application for each cycle can be found in appendix
E.
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Figure 3.13: (A) Decreasing gas relative permeability from cycle 1 to cycle 2 due to gas trapping, Exp. 3. (B) Water-oil relative
permeability for cycle 1 and cycle 2, Exp. 3. C1 and C2 denote the first and second cycles, respectively.

Table 3.12: PA-WAG relative permeability parameters for Exp. 3. Cn represents the cycle number. No gas-specific parameters
are utilised during the simulation of C1 - Polymer, as gas is only introduced into the system during the simulation of C1 - CO2.

Parameter C1 - Polymer C1 - CO2 C2 - Polymer C2 - CO2 C3 C5 C6
Swr 0.22 0.22 0.22 0.22 0.22 0.22 0.22

Sorw 0.21 0.21 0.21 0.21 0.21 0.21 0.21

Sorg - 0.314 0.245 0.234 0.226 0.22 0.22

Sgr - 0.0 0.0 0.0 0.0 0.0 0.0
krwe 0.16 0.16 0.16 0.16 0.16 0.16 0.16

krge - 0.03 0.023 0.023 0.03 0.03 0.03

kroe 0.54 0.54 0.50 0.50 0.50 0.50 0.50

nw 3.20 3.20 2.90 1.70 3.75 3.00 2.65

ng - 2.00 2.50 2.50 2.60 2.60 2.60

no 3.10 3.10 3.15 1.95 3.80 3.05 2.70



4
Simulation Results and Discussion

The history-matching procedure for Exp. 1, Exp. 2 and Exp. 3 included simulating the primary drainage
process to determine the initial distribution of oil and water in each experiment. These saturation val-
ues were subsequently utilised as inputs for the following stages to simulate the oil recovery process.
The results of this process are presented and discussed in this chapter. Figure 4.1 summarises the
simulated flooding sequence for each experiment.

Figure 4.1: Summary of simulation sequence for each experiment. In each experiment, primary drainage was simulated
before the recovery process to establish the initial oil (Soi) and the connate water (Swr) saturation.

Each sequence was simulated independently, meaning the simulations for Exp. 1, Exp. 2, and Exp.
3 were carried out separately. This approach allowed for a focused analysis of each experiment and
provided insights into the system’s behaviour under different conditions.

The history-matching process aimed to numerically reproduce the observed pressure drop along the
core, the oil recovery evolution during each flood and the saturation distribution at various injection
times (PVI).

By comparing the simulated results with the actual experimental data, the history-matching process fa-
cilitated the calibration of the model. It ensured that it accurately represented the observed behaviour of
the system. This involved adjusting various model parameters or properties to minimise the mismatch
between the simulated and observed data.

The discussion of the results in this chapter involves analysing the accuracy of the history-matched
model, identifying areas of improvement or uncertainty, and interpreting the implications of the findings.

35
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4.1. Primary Drainage
The primary drainage stage was simulated and analysed in the history-matching process before simu-
lating the EOR processes in each experiment. This stage involved injecting oil into the modelled core to
establish the Swr and Soi. The results of the history-matching process for the primary drainage stage
are presented in this section. Since all the core-flood experiments were conducted on Bentheimer
sandstone cores, similar results were observed in each case, albeit with slight variations depending
on the specific properties of each core. Therefore, the results from a representative primary drainage
stage of Exp. 3 are presented to illustrate the findings. Nevertheless, the results from Exp. 1 and Exp.
2 can be found in appendix C. These results primarily focus on the pressure drop and oil saturation
profiles.

4.1.1. Pressure Drop Profile
The results indicate that the pressure drop profiles obtained from the simulations match well with the
experimental data in terms of the breakthrough times and maximum pressures observed in each exper-
iment. Figure 4.2 shows the obtained match between the simulated and experimental pressure drops
for Exp. 3.

Figure 4.2: Pressure drop match for primary drainage before PA-WAG injection in Bentheimer sandstone, Exp. 3. The
breakthrough time for the oil phase was 0.69 ± 0.04 PVI.

One significant observation is the persistent increase in pressure drop when the oil comes into contact
with the core. This increase is attributed to the displacement of the less viscous brine by the more
viscous oil. It is indicated by a capillary entry pressure of approximately 45 ± 3 mbar for all the Ben-
theimer sandstone experiments. However, it is important to note that an artificial correction of 45 mbar
was added to the simulated pressure drops to achieve a match for the capillary entry pressure. This
correction was necessary because the experimental setup involved constant back pressure, which is
difficult to replicate accurately in simulations. Despite this correction, the pressure drop trend in the
simulations still aligns with the experimental results, indicating that the model effectively captures the
flow physics.

As the oil phase front continues to propagate through the core, the pressure drop steadily increases
until the breakthrough of oil at the producing side of the core, which occurs at approximately 0.69 ±
0.04 PVI. The maximum pressure drop during this steady increase is around 75 mbar. After the oil
breakthrough, the simulated pressure drop shows a steadily decreasing trend, unlike the experimental
data, which exhibits fluctuations with a general decreasing trend until an overall stable pressure drop
is reached. This difference can be attributed to the oil flow through the core at or near the Swr. In the
experiments, some of the remaining displaced phase, i.e., water, is still being mobilised and produced
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at the outlet, which delays the establishment of the Swr leading to the fluctuation in pressure drop until
a stable trend is achieved. In contrast, the simulation setup experiences different dynamics, where the
Swr is established quickly after the oil breakthrough. Overall, while the simulated pressure drop profiles
accurately capture the breakthrough times and maximum pressures observed in the experiments, there
are some differences in the post-breakthrough behaviour. These differences can be attributed to the
complexities of replicating the experimental setup. The pressure drop profiles for the primary drainage
phase of Exp. 1 and Exp. 2 showed similar results as can be seen from the figures C.2 and C.6 in
appendix C

4.1.2. Saturation Profile
Matching the saturation profiles is another crucial aspect of the modelling process, and this is made
possible due to the availability of robust CT-Scan data obtained from the experiments. Figure 4.3 shows
the match for the oil saturation obtained during the primary drainage phase of Exp. 3, while Figure 4.4
visualises the oil saturation at different stages of the primary drainage process.

Figure 4.3: Oil saturation match at several PVI during primary drainage in Exp. 3. Buckley-Leverett displacement at 0.2 and
0.5 PVI. The capillary-end effect was observed at the end of primary drainage at 5 PVI.

In all the experiments, a good match between the simulated and observed data for the oil saturation
during the primary drainage stage was achieved at different PVI. The primary drainage stage is char-
acterised by the displacement of water by injected oil, and the results indicate the presence of a shock
front and an upstream rarefaction wave, which are typical features of a Buckley-Leverett displacement
process [9]. In addition to the Buckley-Leverett displacement, the capillary-end effect is another impor-
tant phenomenon observed during the primary drainage stage. The capillary-end effect refers to the
accumulation of brine at the core outlet, which arises from the discontinuity of capillarity in the wetting
phase during primary drainage; in this case, brine at the outlet end of the core sample [17]. This effect
is responsible for the lower So at the outlet end of the core, which can be observed in the last 2 cm of
the core section at 5 PVI in Figures 4.3 and 4.4. Both the experimental and simulated data demonstrate
the presence of the capillary-end effect in the final saturation profile of the primary drainage stage. The
Leverett-J function is a fundamental tool to relate the capillary pressure distribution to the saturation
profile, as discussed in section 3.4.2. In this simulation, the Leverett-J function was scaled to the Sw

distribution obtained from the CT-scan data at the end of the primary drainage process. This scaling
allowed for determining the capillary pressure distribution, which generates the observed capillary-end
effect. By incorporating the CT-scan data and leveraging the Leverett-J function, the simulation ac-
curately reproduces the capillary pressure distribution and the resulting capillary-end effect during the
primary drainage stage. The correlation between the Sw distribution and the capillary pressure along
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Figure 4.4: Simulation visuals of primary drainage, Exp. 3 in MRST. Clockwise from top left - Oil saturation at 0.2, 0.5, 1 and 5
PVI Oil. The capillary-end effect is visible from the low oil saturation at 5 PVI in the last 2 cm of the core.

the length of the core, as well as the capillary pressure curves derived from each experiment using
this approach, are illustrated in Figures G.1, G.2, and G.3 in appendix G. These figures show that the
elevated water saturation towards the core’s end leads to increased capillary pressure demand for the
displacement of water by oil. This phenomenon contributes to the observed capillary end effect at the
core outlet. Similarly, good matches for So were also obtained for Exp. 1 and Exp. 2, as shown in the
Figures C.3 and C.7 of appendix C. This demonstrates the effectiveness of this approach in capturing
the complex fluid behaviour and flow dynamics involved in the displacement process.

4.2. Polymer Flooding
In Exp. 1, the process of recovering oil through polymer flooding as a secondary recovery method
was simulated. The polymer injection phase commenced after establishing the Soi and Swr during the
primary drainage stage. The results of the polymer flood are presented and discussed in this section,
focusing on various key outcomes, including pressure drops, oil saturation, and the oil recovery factor.

4.2.1. Pressure Drop Profile
The pressure drops generated during the polymer flood provide insights into the resistance encoun-
tered by the flowing fluids and the efficiency of the displacement process, which can help assess the
effectiveness of the polymer flooding technique. Figure 4.5 shows the obtained match between the
simulated and experimental pressure drops for Exp. 1.

During the polymer flooding of the core, a consistent rise in pressure drop is evident until reaching the
breakthrough point. This pressure increase stands out prominently compared to the primary drainage
stage, primarily due to the higher viscosity of the polymer in contrast to the oil. This elevated vis-
cosity value is linked to the effective viscosity of the water-polymer mixture, as determined by the
Todd-Longstaff mixing model. In this model, viscosity rises with increasing polymer concentration. The
effective water viscosity, which encompasses contributions from both water and polymer, is computed
through Equation 3.13, taking the mixing parameter and viscosity multiplier at the final polymer concen-
tration as inputs. Furthermore, the polymer molecules present in the injected slug lead to a reduction
in water permeability. This reduction is mainly influenced by polymer adsorption and the entrapment of
polymer molecules in narrow pore throats. The Langmuir adsorption relation 3.9 and the permeability
reduction Equation 3.10 are employed to incorporate this effect into the model. The interplay between
these factors, namely effective viscosity and permeability reduction, results in a substantial pressure
drop until the breakthrough point is reached, as described by the modified form of the Darcy law for
polymer flooding given by Equation 3.8. After the breakthrough, a steady state of polymer flow is estab-
lished, reflected in the simulated pressure drop by a gradual decline in pressure, eventually stabilising
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Figure 4.5: Pressure drop match for Polymer Flood, Exp. 1 at an injection rate of 0.5 cm3/min. A breakthrough occurs earlier
at 0.55 ± 0.04 PVI in the simulation compared to the observed data. Pressure drop rises to 1700 ± 20 mbar and stabilises at

1300 ± 50 mbar after breakthrough.

towards the end of the injection process. However, there is a slight mismatch between the decline
trends of the model and the experiment at the breakthrough, with the latter exhibiting fluctuations. This
can be attributed to the formation of emulsions at the polymer breakthrough. While the emulsions are
not explicitly incorporated into the model, the model strives to account for their impact on the pressure
drop profile. This is done by using the RRF as a history-matching parameter to account for the addi-
tional permeability reduction due to the formation of emulsions. As a result of the history-matching, a
high value of 3.4 for RRF was found to be suitable, which caused the pressure to spike up to 1700 ± 20
mbar (according to the Equations 3.10 and 3.8) before gradually decreasing to 1300 ± 50 mbar after the
polymer breakthrough. It is important to note that these emulsions can introduce additional pressure
fluctuations in the experimental setup, leading to the observed discrepancy between the simulated and
observed pressure drop. Despite this difference, there is a good match between the observed and sim-
ulated pressure drop profiles. However, the breakthrough of the polymer occurs slightly earlier at 0.55
± 0.04 PVI in the simulations, resulting in a mismatch of approximately 0.04 ± 0.01 PVI. This mismatch
could be attributed to the differences in adsorption trends between the experiments and the model.
The polymer model employed in MRST adheres to a Langmuir adsorption isotherm, as discussed in
3.3.1. This isotherm necessitates adsorption data at different polymer concentrations. Since only one
polymer adsorption value at 2000 ppm was accessible from the experimental data, adsorption values at
various concentrations from literature about a similar HPAM polymer [68] were employed to construct
a Langmuir isotherm for the simulations. It is crucial to note that employing this approach may result
in estimated adsorption parameters yielding a lower adsorption rate in the simulations compared to
the actual experimental conditions. Consequently, this discrepancy could prompt an earlier polymer
breakthrough in the simulations. Furthermore, the mismatch in breakthrough could also arise from the
assumption of a constant value for the IPV in the model. At the same time, there might be actual variabil-
ity in this parameter. This variability could contribute to the observed difference in breakthrough timings.

4.2.2. Saturation Profile
The simulated saturation profiles align with the observed profiles in the experiments, as seen in Figure
4.6. This is particularly evident in the saturation profiles accurately depicting the polymer front prop-
agation at different injection times. As the saturation distribution from the primary drainage stage is
used as input for the polymer flood stage, the saturation profiles ahead of the polymer front also show
excellent correspondence. The model captures the characteristics of a sharp, stable piston-like front
during the polymer flood, leading to a favourable displacement caused by the reduction in the end-point
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mobility ratio from 0.9 to 0.05. The impact of lowered mobility ratio can be seen on the fractional flow
curve (Figure 4.8) as it resembles a piston-like displacement front in accordance with the Equation 2.4
after adding polymer. The propagation of the polymer front at different injection stages from the start
until the establishment of Sorw can be visualised with the simulation results as seen in Figure 4.7.

The capillary end effect, observed in the saturation profiles near the outlet, is prominent until approx-
imately 0.7 PVI, following the breakthrough of the polymer at 0.55 ± 0.04 PVI. This effect reflects the
influence of capillary forces and is accurately represented in the model’s saturation profiles. After inject-
ing 5 PVI, the simulation reaches the residual oil saturation, indicating that the maximum oil recovery
has been achieved.

Figure 4.6: Oil saturation profile during polymer flood, Exp. 1 showing the match for the position of the polymer front at several
PVI.

Figure 4.7: Simulation visuals from MRST of propagation of the polymer front (clockwise from top left) at 0.2, 0.3, 0.5 and 5
PVI, respectively.
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Figure 4.8: Increase in the fractional flow of water to resemble a piston-like displacement front due to the reduction in end-point
mobility ratio upon adding polymer. The fractional flow during waterflood is derived from the work of Janssen et al. (2020) [19]

4.2.3. Oil Recovery Factor
The modelling of the oil recovery factor was achieved by history-matching the simulated curves with
the experimental recovery factor data points obtained through CT scans. The match for the recovery
factors for the polymer flood process can be seen in Figure 4.9. The simulated recovery factor aligns
well with the observed data. Typically, in polymer flooding, most oil recovery occurs before the break-
through, with minimal recovery afterwards. However, the simulated curves indicate continued recovery
after the breakthrough at 0.55 ± 0.04 PVI. This slight difference can be attributed to the modifications
made to the relative permeabilities used in the model as discussed in 4.2.1.

A mismatch is observed at the breakthrough, wherein the simulated recovery factor falls short of the
value observed in the experimental data. This can be attributed to the difference between the simulated
and experimental profiles for So at 0.7 and 5 PVI. Specifically, the model reflects a higher amount of
remaining oil than the experiment, as illustrated in Figure 4.6 resulting in lower simulated recovery.

Figure 4.9: Simulated Oil Recovery Factor match with CT-based experimental recovery factor for polymer flood, Exp. 1.
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4.3. CO2 Flooding
Exp. 2 focuses on oil recovery through CO2 flooding as a secondary oil recovery method. Like Exp. 1,
the CO2 injection phase in Exp. 2 began after establishing the Soi during the primary drainage stage.
The results of the CO2 flooding simulation are presented and discussed in this section, encompassing
key parameters such as pressure drops, oil, water and gas saturation, and the oil recovery factor.

4.3.1. Pressure Drop Profile

Figure 4.10: Pressure drop match for CO2 Flood, Exp. 2. The breakthrough occurs at 0.26 ± 0.05 PVI, where the pressure
drops from 32 ± 3 mbar to 26 ± 3 mbar and stabilises at 10 ± 3 bar after the breakthrough.

The pressure drop profile observed during the CO2 flooding experiment (Figure 4.10) as a secondary oil
recovery method exhibits a decreasing trend from the beginning of injection. This decrease is primarily
due to the rapid breakthrough of CO2. The pressure declines from the initial capillary entry pressure
of 32 ± 3 mbar to 26 ± 3 mbar at breakthrough. Several factors contribute to this rapid breakthrough.
Gravity segregation constitutes the initial factor, stemming from the substantial density contrast be-
tween CO2 and oil, which positions CO2 atop the oil within the core. This placement along the core is
particularly pronounced due to the horizontal orientation of the core. This horizontal orientation allows
for a more extensive manifestation of the gravity segregation effect than the vertical orientation. The
second factor arises from the lower viscosity of CO2 relative to oil, resulting in an unfavourable mo-
bility ratio. Consequently, CO2 tends to channel through the highly permeable layers. The last factor
involves immiscible injection conditions, where the CO2 and oil remain distinct in phases rather than
forming a unified phase. The lack of miscibility prevents the formation of a single phase, accelerating
the breakthrough process of CO2. Overall, the simulation results exhibit a good match with the ob-
served data.

Shortly after the breakthrough, the pressure drop sharply declines and exhibits distinctive fluctuations
due to the co-production of different fluid phases. These fluctuations arise from the simultaneous pro-
duction and interaction of oil, water, and gas within the core. The general decreasing trend in pressure
drop after the breakthrough eventually flattens out, reaching a steady-state pressure of 10 ± 3 mbar.

4.3.2. Saturation Profile
Figure 4.11 depicts Sg and So profiles at various times (PVI) during CO2 flooding. These profiles exhibit
a favourable correspondence with experimental data. Figure 4.12 presents changes in So due to CO2

injection at different time intervals. The model captures the gravity segregation phenomenon driven by
the contrasting densities of oil and CO2. Specifically, CO2 selectively displaces the upper section of the
core right from the initial injection phase, leading to a swift CO2 breakthrough. After the breakthrough,
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the CO2 progressively sweeps through a more significant portion of the core’s lower segment. However,
a section of the core remains unswept by CO2 at the conclusion of the injection process. Using a black
oil-type model to simulate this process overlooks the potential compositional changes arising from CO2

dissolution in oil. Nonetheless, using CT scan saturation data to calibrate relative permeability curves
compensates for this limitation and yields a commendable agreement with observed data.

Figure 4.11: Gas (top) and Oil (bottom) saturation match at several PVI during CO2 flood, Exp. 2.
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Figure 4.12: Changes in oil saturation and the effect of gravity segregation with the injection of CO2 (clockwise from top left) at
0.1, 0.15, 0.25 and 1 CO2 PVI, respectively, visualised in the MRST simulation runs. CO2 initially sweeps the upper section of

the core. After the breakthrough at 0.26 ± 0.05 PVI, starts sweeping the lower section.

4.3.3. Oil Recovery Factor
The oil recovery factor for the CO2 flood process is illustrated in figure 4.13. The simulated recovery
factor closely aligns with the observed data. Before the CO2 breakthrough, approximately 22% of the
OIIP is recovered. In contrast, the remaining oil is recovered up to 5 PVI of CO2, resulting in a total
recovery factor of 40%. This recovery trend corresponds with the changes in saturation observed in
figure 4.12, where a substantial portion of the oil is recovered from the upper part of the core before
the CO2 breakthrough. After the breakthrough, the remaining recovery occurs as CO2 sweeps through
the lower section of the core, displacing the oil and facilitating further recovery.

Figure 4.13: Simulated Oil Recovery Factor match with CT-based experimental recovery for the CO2 flooding, Exp. 2. A
continued recovery is observed after the breakthrough at 0.26 ± 0.05 PVI as the CO2 sweeps the lower section of the core.
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4.4. PA-WAG Injection
This experiment combined the polymer and CO2 flood simulators to model the PA-WAG injection
scheme and investigate its impact on oil recovery mechanisms. The experiment involved a total of
6 PA-WAG cycles. Each cycle comprised two stages: injecting polymer at 2 cm3/min for 0.22 PVI
followed by the injection of CO2 at 0.5 cm3/min for 1.2 PVI. The analysis and discussion of the results
are based on the pressure drops, saturation profiles, and recovery factors obtained during the process

4.4.1. Pressure Drop Profile
Figure 4.14 illustrates the match obtained for the pressure drop profiles for the PA-WAG injection.

Figure 4.14: Pressure drop match for the PA-WAG injection with alternating slug size and injection rate for polymer (0.22 PVI
at 2 cm3/min) and CO2 (1.2 PVI at 0.5 cm3/min). Pn and Cn (n = 1 - 6) indicate each cycle’s polymer and CO2 injection

phases, respectively.

The pressure drop profile observed during the polymer slug injection in the first cycle of the PA-WAG
experiment closely resembles the pressure drop profile from the polymer flood, Exp. 1, as illustrated
in Figure 4.5. Upon evaluating the pressure drop at the same PVI, it was found that the pressure drop
at the end of the polymer slug for PA-WAG reaches 790±5 mbar, nearly two times higher than Exp. 1.
The higher pressure drop in PA-WAG can be attributed to the injection rate, which is four times higher
than that of Exp. 1. This increased injection rate reduces the polymer viscosity by approximately 0.5
times due to shear thinning behaviour at higher flow rates resulting in higher pressure drop values than
Exp. 1. Furthermore, an increased RRF value, which is 1.5 times greater than Exp. 1, results in an
additional decrease in permeability. This contributes significantly to the observed pressure drop. This
observed pressure behaviour aligns with Darcy’s law (Equation 3.8). During the transition to CO2 slug
injection, the pressure experiences a sharp decline from 790 ± 5 mbar to 85 ± 5 mbar. This drop is
attributed to the notably lower viscosity of CO2 compared to that of the polymer and oil. Additionally,
the rapid breakthrough is facilitated by gravity segregation and the channelling of CO2 along the path
of least resistance.

In the second cycle of the PA-WAG process, there is a significant increase in pressure drop as polymer
injection commences. This notable rise in pressure can be attributed to several factors. Firstly, the
increase in injection rate when transitioning from CO2 to polymer injection leads to higher flow rates,
resulting in elevated pressure responses. Moreover, during this phase, gas trapping occurs due to the
reduction in gas relative permeability caused by increased water saturation above the connate water
saturation, resulting from the aqueous phase’s injection. The phenomenon of gas trapping in the pres-
ence of higher water saturation has been previously reported by Skauge & Larsen (1994) [52] in their
gas displacement experiments carried out under varying wettability conditions. Consequently, a sim-
ulation approach was implemented that involved segmenting the run. The half-cycles of polymer and
CO2 were individually simulated during the initial two injection cycles. This was achieved by utilising
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independent relative permeability curves for each half-cycle. The primary goal was to precisely model
the effect of gas trapping in reducing the relative permeability of gas. Figure 3.13 depicts the contrast
between the relative permeability curves of cycle 1 and cycle 2, illustrating the decline in gas relative
permeability from cycle 1 to cycle 2 as a result of the influence of gas trapping leading to an elevated
pressure response during polymer injection. This approach to incorporate the effect of gas trapping
was also successfully implemented in the simulation of the WAG process by Janssen et al. (2020) [19].

During the injection of the second CO2 slug, the overall trend of the pressure drop showed a slight
increase, primarily attributed to trapped gas and enlarged Sw. This steady-state pressure drop was
sustained in the subsequent cycles. The trapped gas and increased Sw continued to impact the pres-
sure response throughout the subsequent cycles, contributing to the observed steady trend. In contrast,
a distinct behaviour was observed during the injection of the polymer slug in the following cycles. After
the breakthrough of the polymer at approximately 1.65 ± 0.05 PVI, the maximum pressure drop during
polymer injection started to decrease. From cycle four onwards, the peak of pressure drop stabilised,
indicating that the injection process reached a relatively steady state during the polymer slug injection
in the later cycles of the PA-WAG process.

On the whole, the strategy of segmenting the simulation run to replicate the injection cycles effectively
captured the impact of gas trapping and resulted in a remarkable alignment between the simulated and
observed pressure drops.

4.4.2. Saturation Profile
This section presents the saturation profiles for oil, gas, and water observed during the various injection
stages throughout the PA-WAG process. Alongside the observed data, simulation visuals generated
by MRST are included. The simulation visuals depict the positions of the polymer front and the gravity
segregation of CO2 due to density contrast. This demonstrates the model’s effectiveness in capturing
these essential features of the PA-WAG process.

In Figure 4.15, at the end of polymer injection (0.22 PVI) during the first cycle, So profile exhibits a
piston-like displacement behaviour of polymer, where the injected polymer effectively displaces oil in
the first half of the core. As the injection shifts to CO2, the influence of gravity becomes apparent, and
the CO2 starts displacing the oil from the upper section in the second half of the core, resulting in a
significant reduction in oil saturation in that region. However, at this point, the CO2 has not yet begun
displacing the polymer, as indicated by the minimal change in the polymer front (reflected in the Sw

profile in Figure 4.15) at the end of CO2 injection during the first cycle.

Moving to the second cycle, gas trapping becomes evident. The Sg profile (Figure 4.16) at the end of
polymer injection (0.22 PVI) in cycle 2 shows the occurrence of trapped gas, of which a certain amount
remains immobile and cannot be displaced by the polymer injection. This trapped gas affects the char-
acteristic piston-like displacement behaviour of the polymer, as it is less pronounced in the Sw profile
(Figure 4.16). Despite the presence of trapped gas and the alteration in the polymer’s displacement
pattern, there is continued oil recovery. This recovery can be observed from the difference in So at the
end of cycle 1 and the end of polymer injection in cycle 2. Upon injecting CO2 in the second cycle, So

is further reduced, approaching very close to the residual values, indicating significant oil displacement
and recovery during this stage.

In subsequent cycles from 3 to 6, the saturation profiles for oil, water, and gas demonstrate a similar pat-
tern. To illustrate this, only the results for cycle 6 are presented in this section. As shown in Figure 4.17,
So for both polymer and CO2 injection phases overlaps, indicating that So does not change significantly
compared to So at the end of cycle 2 (Figure 4.16). This observation points to negligible incremental oil
recovery in these cycles. Furthermore, a constant trapped gas saturation is also established at the end
of polymer injection in cycle 3, as evident from the retention of the gas saturation trend until the end of
the complete PA-WAG injection process. The saturation profiles for the PA-WAG cycles 3 and 5 can
be visualised from the figures F.8 and F.10 in appendix F. The saturation profiles in these cycles are
consistent with the trend observed in cycle 6, indicating negligible incremental oil recovery after cycle 2.
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While the simulation results show a good overall match with the observed data, someminor mismatches
are observed in Sw and Sg in cycles 3 to 6. Specifically, the simulated Sg is lower, and the simulated
Sw is higher than the observed data. These discrepancies can be attributed to using a simple black oil
model in the simulation. The black oil model does not account for compositional changes or viscosity
reduction caused by oil swelling due to gas dissolution in the oleic and aqueous phases, which might
occur in the actual experiments. However, despite these minor mismatches, the model’s incorporation
of saturation data from CT scans enables it to match the observed data well.

4.4.3. Oil Recovery Factor
Figure 4.18 displays the match for the oil recovery factor throughout the PA-WAG injection process.
The majority of incremental recovery occurs until the polymer breakthrough in cycle two, which takes
place around 1.65 ± 0.05 PVI. Following the polymer breakthrough, minimal to no additional recovery is
observed in the subsequent cycles. This trend in the oil recovery factor is consistent with the saturation
profiles, indicating that most of the oil was recovered towards the end of cycle 2, with negligible incre-
mental recovery in the subsequent cycles. To ensure an accurate comparison between the simulated
and observed recoveries, it was crucial to account for the no-flow conditions during the experiments,
which caused a delay of approximately 0.2 ± 0.03 PVI in oil production. Appropriate corrections were
applied to the experimental recovery data to visualise the simulated and observed recoveries at the
exact injection times. After incorporating these necessary modifications, the simulated recovery fac-
tors aligned well with the observed data, confirming the model’s accuracy in capturing the PA-WAG
injection process’s oil recovery behaviour.

Figure 4.18: Oil Recovery Factor match for PA-WAG injection, Exp. 3. Pn and Cn (n = 1 - 6) indicate each cycle’s polymer and
CO2 injection phases, respectively. The majority of incremental recovery occurs until the polymer breakthrough in cycle 2 at
around 1.65 ± 0.05 PVI. Following the polymer breakthrough, minimal to no additional recovery is observed in the subsequent

cycles.
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Figure 4.15: Saturation profiles for oil (top), gas (middle) and water (bottom) at the end of cycle 1 after the completion of the
polymer slug injection (0.22 PF) and CO2 slug injection (1.22 CO2) along with the corresponding MRST simulation. For Cycle
1, gas saturations are only presented for the CO2 injection phase since there is no gas initially in the system at the start of the

PA-WAG injection. Gas saturation becomes relevant only during the CO2 injection stage.
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Figure 4.16: Saturation profiles for oil (top), gas (middle), and water (bottom) after the polymer slug injection (0.22 PF) and
CO2 slug injection (1.22 CO2) in cycle 2 with the corresponding MRST simulation visuals during this stage. Gas trapping

becomes evident at the end of polymer injection in this cycle.
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Figure 4.17: Saturation profiles for oil (top), gas (middle), and water (bottom) after the polymer slug injection (0.22 PF) and
CO2 slug injection (1.22 CO2) in cycle 6 with the corresponding MRST simulation visuals during this stage. For cycle 6, the oil
saturations resulting from both polymer and CO2 injection are identical and overlap each other due to negligible incremental

recovery after the end of cycle 2.



5
Conclusions and Recommendations

The successful execution of a modelling study examined three out of the five experiments conducted
by van Wieren et al. (2022). These experiments included polymer injection, CO2 flooding, and PA-
WAG injection. CT scan data was highly valuable in discerning the primary mechanisms underlying
the intricate recovery processes investigated in this research. This chapter presents the conclusions
drawn from this research and recommendations for future work.

A modelling study was conducted using the black oil model to history-match core-flood experiments
and examine the physical mechanisms governing the oil recovery process in the PA-WAG injection.
The core-flood experiments of van Wieren et al. (2022) were modelled step-by-step. Initially, the
primary drainage process was simulated using the generic black oil model in MRST. Subsequently,
separate simulations were performed for the polymer injection process using the generic surfactant
polymer model and the CO2 flooding process using the generic black oil model in different runs. The
understanding of the physical mechanisms from these individual processes was then used to create
the PA-WAG injection model by combining the polymer and CO2 models. The simulation results, in-
cluding pressure drops, saturation profiles, and oil recovery factors, were compared and matched with
the experimental data. The following conclusions can be drawn based on this research:

5.1. Conclusions
• The grid configuration employed in this study, encompassing the chosen cell quantities and dimen-
sions, effectively showcased its capability to deliver a sturdy depiction of porosity and permeability
distributions within the modelled Bentheimer sandstone core sample. The presence of saturation
data based on CT scans and relative permeability measurements obtained from pressure drops
measured across core sections was pivotal in precisely estimating parameters for the relative
permeability curve at various experimental phases. These parameters were pivotal in aligning
with observed pressure drops, oil recovery trends, and the progression of saturation distribution.

• The successful replication of the primary drainage process is of utmost importance as it serves
as a critical foundation for understanding and establishing the initial conditions required for poly-
mer and gas injection. In this study, the matches achieved for these stages of the experimental
sequence were considered satisfactory. The capillary end effect, which significantly impacts fluid
flow behaviour, was accurately represented by scaling relative permeabilities to the saturation
distribution within the core.

• The success of the polymer flooding history-match is attributed to the use of high-quality CT-scan
saturations and experimental data. These data were instrumental in determining polymer-specific
input parameters, such as viscosity multipliers, IPV, and polymer adsorption. Despite facing chal-
lenges related to emulsion formation and its impact on relative permeability measurements, an

51
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effective solution was identified by modifying waterflooding relative permeability using polymer-
specific inputs and introducing the RRF as a history-matching parameter. The simulation results
revealed that emulsion formation caused a significant increase in pressure drop. Consequently,
a high RRF value of 3.4 was adopted to accurately model the effect of permeability reduction on
the pressure response. Furthermore, the excellent alignment of the saturation profiles indicated
the robustness of the polymer-specific parameters derived from experimental data, enabling an
accurate representation of the polymer front’s propagation. The robust modelling of pressure
drops and saturation profiles also yielded a satisfactory match for oil recovery.

• The history-match of the CO2 flood as a secondary recovery technique demonstrated that it could
be effectively modelled as an immiscible injection process in MRST using the black oil model. De-
spite the core-flood experiment results indicating CO2 dissolution in oil and water, the model pro-
duced good matches using relative permeability curves scaled to the CT-scan saturations without
compositional simulation. Furthermore, implementing a 2D grid in the model allowed for captur-
ing the effect of gravity segregation, which played a crucial role in controlling the oil displacement
during the CO2 flood recovery process. The study also concluded that under immiscible condi-
tions, the end-point relative permeability of CO2 was relatively low, with a value of approximately
0.01 ± 0.002. This finding is consistent with what others have reported in previous research.

• The history-matching process of the PA-WAG experiments proved to be the most challenging
aspect of this study. The simulation runs had to be segmented into separate cycles with indepen-
dent relative permeabilities to accurately visualise the reduced gas relative permeability resulting
from gas trapping and hysteresis effects. Nevertheless, the result was a successful history-match
using the PA-WAG injection simulator, which was developed by combining the Polymer and CO2

flood simulators.

The results obtained from this study were in line with the hypotheses outlined in section 1.2. They
demonstrated that an approach utilising the black oil model to create a PA-WAG injection simulator,
which integrates the functionalities of both polymer and CO2 flooding simulators, effectively captured
the intricate physical mechanisms involved in the PA-WAG injection process. The model successfully
conducted a thorough simulation of the PA-WAG process, accurately reproducing and history-matching
the core-flood experiments. This validation of the workflow and methodology underscores the potential
of a simplified black oil model as a robust tool for comprehending the complexities of the PA-WAG pro-
cess. The consistency between the results and initial hypotheses strongly affirms the model’s reliability,
validating the chosen research approach for investigating the PA-WAG process.

5.2. Recommendations
This thesis answers questions posed at the start of this research and developments along the process,
contributing to a better understanding of the physical mechanisms of the PA-WAG recovery method
using the black oil model. However, the study encountered some limitations, and several aspects still
need further attention. Based on the insights provided by this research, the following recommendations
are made for future research to consider:

• It is noteworthy that the study acknowledges the confinement of the simulations to a 2D setup.
To heighten precision and capture the inherent variations in porosity, permeability, and phase
distributions within the porous medium, the study advocates for integrating a 3-Dimensional (3D)
stage with finer grid dimensions. Such a 3D approach would furnish a more extensive portrayal
of the core’s heterogeneities, thus facilitating a more robust analysis of the recovery processes
under investigation.

• It is recommended to design injection schemes for simulations that closely mirror the experimen-
tal procedures. By doing so, the need for artificially imposed pressures to align simulation results
with experimental data can be minimised or even eliminated.
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• For the polymer injection process, it is advisable to collect adsorption data at various concentra-
tions and implement spatially varying IPV. Doing so would enhance breakthrough time matches
and overall simulation accuracy.

• For future research, it is suggested to make further enhancements by adopting a compositional
simulation model. This approach would provide a more accurate representation of the interaction
of CO2 with the aqueous and oleic phases, considering factors such as dissolution in water and
the reduction of oil viscosity due to oil swelling, thereby reducing the model’s dependency on CT-
scan saturations. Additionally, obtaining more precise gas relative permeability measurements
from experimental data would significantly enhance the modelling results.

• To avoid the need for segmented simulations, it is recommended to incorporate a hysteresis
model into MRST, which is currently not present, enabling the modelling of the entire PA-WAG
process in a single run.
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A
2D Grid Discretisation with ImageJ

Figure A.1: ImageJ workflow flow chart, describing the process used to retrieve the data from CT-Scan and discretise the grid
structure from 1D to 2D to compute each grid cell’s porosity throughout the experiments.



B
Porosity and Permeability Maps

Exp. 1 Porosity and Permeability Maps

Figure B.1: 2D Grid consisting of 81 and 17 grid cells in the x and z directions, respectively, populated with porosity and
permeability, representing the Bentheimer sandstone core in Exp. 1. All the discrete elements of the CT scan are used, and no

coarsening is done due to the low resolution of the CT scan in this experiment

Figure B.2: A distribution of porosity values within the 2D Grid representing the Bentheimer sandstone core in Exp. 1. The
permeability distribution is a direct function of porosity obtained using the Carman-Kozeny equation 3.22 and thus follows a

similar distribution trend to porosity.
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Exp. 2 Porosity and Permeability Maps

Figure B.3: 2D Grid consisting of 92 and 17 grid cells in the x and z directions, respectively, populated with porosity and
permeability, representing the Bentheimer sandstone core in Exp. 2. Grid coarsening is applied in the X-direction by selecting a

ratio of 3 fine cells per coarse cell, reducing 275 discrete CT slices to 92 grid cells

Figure B.4: (A) A comparison between the fine cell and coarse cell porosity distribution for Exp. 2 shows that even with the
grid coarsening, the variability in porosity is well represented in the modelled core section. (B) A comparison between the fine
and coarse cell permeability distribution for Exp. 2. The permeability distribution is a direct function of porosity obtained using

the Carman-Kozeny equation 3.22 and thus follows a similar distribution trend to porosity.
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Exp. 3 Porosity and Permeability Maps

Figure B.5: 2D Grid consisting of 91 and 17 grid cells in the x and z directions, respectively, populated with porosity and
permeability, representing the Bentheimer sandstone core in Exp. 3. Grid coarsening is applied in the X-direction by selecting a

ratio of 3 fine cells per coarse cell, reducing 272 discrete CT slices to 91 grid cells

Figure B.6: (A) A comparison between the fine cell and coarse cell porosity distribution for Exp. 3 shows that even with the
grid coarsening, the variability in porosity is well represented in the modelled core section. (B) A comparison between the fine
and coarse cell permeability distribution for Exp. 3. The permeability distribution is a direct function of porosity obtained using

the Carman-Kozeny equation 3.22 and thus follows a similar distribution trend to porosity.



C
Primary Drainage History Match

Results

Exp. 1

Figure C.1: Relative Permeability curves for the primary drainage stage in Exp. 1. krw and kro represent the water and oil
relative permeability curves, respectively.
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Figure C.2: Pressure drop match for primary drainage before Polymer injection in Bentheimer sandstone, Exp. 1. The
breakthrough time for the oil phase was 0.71 ± 0.03

Figure C.3: Oil saturation match at several PVI during primary drainage in Exp. 1. Buckley-Leverett displacement at 0.2 and
0.5 PVI. The capillary-end effect was observed at the end of primary drainage at 5 PVI
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Figure C.4: Simulation visuals of primary drainage, Exp. 1 in MRST. Clockwise from top left - Oil saturation at 0.2, 0.5, 1 and 5
PVI Oil. The capillary-end effect is visible from the low oil saturation at 5 PVI in the last 2cm of the core.

Exp. 2

Figure C.5: Relative Permeability curves for the primary drainage stage in Exp. 2. krw and kro represent the water and oil
relative permeability curves, respectively.
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Figure C.6: Pressure drop match for primary drainage before CO2 injection in Bentheimer sandstone, Exp. 2. The
breakthrough time for the oil phase was 0.69 ± 0.04

Figure C.7: Oil saturation match at several PVI during primary drainage in Exp. 2. Buckley-Leverett displacement at 0.2 and
0.5 PVI. The capillary-end effect was observed at the end of primary drainage at 5 PVI
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Figure C.8: Simulation visuals of primary drainage, Exp. 2 in MRST. Clockwise from top left - Oil saturation at 0.2, 0.5, 1 and 5
PVI Oil. The capillary-end effect is visible from the low oil saturation at 5 PVI in the last 2cm of the core.



D
Calculation of Inaccessible Pore

Volume

Table D.1: Parameters and equations employed to compute the Inaccessible Pore Volume through the radius of gyration
technique for the Bentheimer sandstone core for the Polymer flood and PA-WAG injection in Exp. 1 and Exp. 3, respectively.

Parameter Exp. 1 Exp. 3 Equation Description
Rg(cm) 0.0002 0.0002 - Radius of Gyration

ϕ 0.23 0.21 - Core Porosity

d(cm) 3.8 3.8 - Core diameter

A(cm2) 11.34 11.34 3.14d2

4 Core Cross-Sectional Area

Lmax(cm) 16.5 16.5 - Core Length

kD(Darcy) 1.82 2.65 - Core Permeability

k(cm2) 1.82e-7 2.65e-7 kD ∗ 1e− 7 Core Permeability

ρs(g/cm
3) 2.65 2.65 - Sand Density

Ar(cm
−1) 126.67 91.6

√
6ϕ3

25k Surface area per unit volume

As(cm
2/g) 47.8 34.56 Ar

ρs
Surface area

PV (cm3) 43.02 42.22 A ∗ Lmax ∗ ϕ Pore Volume

α 1.2 1.2 - Tortuosity of sand pack

Rp(cm) 0.003 0.004 α
√

8k
ϕ Average Pore Throat Radius

Dg(cm) 0.036 0.052 6(1−ϕ
Ar

Average Grain Diameter

Depl 1.79 1.55 [1− 2Rg

Rp−(2Rg)
]4 Effect of Depletion Layer

BB 0.79 0.55 Depl − 1 Pore Geometry Factor

frp 0.75 0.80
√

1
1+BB Pore space fraction available for polymer

IPV 0.25 0.20 1− frp Inaccessible Pore Volume
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E
PA-WAG Simulation Input Parameters

Table E.1: Summary of input parameters for cycle 1 of PA-WAG injection. This cycle was segmented into separate polymer
and CO2 runs.

Parameter Cycle 1 - Polymer Cycle 1 - CO2

Number of Grid Blocks 91 x 1 x 17
Grid Block Size (m x m x m) 0.002 x 0.038 x 0.002235
Simulation Time (PVI) 0.22 1.20
Initial Saturation Distribution Saturation distribution output of oil injection stage Saturation distribution output of cycle 1 polymer
Injection Rate Polymer – 0.00288 m3/day (2 cm3/min) CO2 - 0.0142 m3/day (0.5cm3/min)
Porosity ϕavg = 0.215 (Calculated Porosity for each grid cell)
Absolute Permeability (mD) Kavg = 2651.6 (Calculated Permeability for each grid cell)
Density (Oil/Polymer/ Gas) (kg/m3) 829.7 / 1025.6 / - 829.7 / 1025.6 / 1.839
Viscosities (Oil / Polymer/ Gas) (cp) 2.28 / 6.57 / - 2.28 / 6.57 / 0.0146
Polymer Viscosity Multiplier 9
IPV 0.2
RRF 5.5
Maximum Adsorption (kg/kg) 9.96E-05
Mixing Parameter 1
Maximum Polymer Concentration (kg/m3) 2

Table E.2: Summary of input parameters for cycle 2 of PA-WAG injection. This cycle was segmented into separate polymer
and CO2 runs.

Parameter Cycle 2 - Polymer Cycle 2 - CO2

Number of Grid Blocks 91 x 1 x 17

Grid Block Size (m x m x m) 0.002 x 0.038 x 0.002235

Simulation Time (PVI) 0.22 1.20

Initial Saturation Distribution Saturation distribution output of cycle 1 CO2 Saturation distribution output of cycle 2 polymer

Injection Rate Polymer – 0.00288 m3/day (2 cm3/min) CO2 - 0.0142 m3/day (0.5cm3/min)

Porosity ϕavg = 0.215 (Calculated Porosity for each grid cell)

Absolute Permeability (mD) Kavg = 2651.6 (Calculated Permeability for each grid cell)

Density (Oil/Polymer/ Gas) (kg/m3) 829.7 / 1025.6 / 1.839

Viscosities (Oil / Polymer/ Gas) (cp) 2.28 / 6.57 / 0.0146

Polymer Viscosity Multiplier 9

IPV 0.2

RRF 5.5

Maximum Adsorption (kg/kg) 9.96E-05

Mixing Parameter 1

Maximum Polymer Concentration (kg/m3) 2
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Table E.3: Summary of input parameters for cycles 3-6 of PA-WAG injection. In each cycle, polymer and CO2 injections were
simulated in the same run.

Parameter Cycle 3 - 6
Number of Grid Blocks 91 x 1 x 17

Grid Block Size (m x m x m) 0.002 x 0.038 x 0.002235

Simulation Time (PVI) Polymer - 0.22 ; CO2 - 1.20

Initial Saturation Distribution Saturation distribution output of previous injection cycles

Injection Rate Polymer – 0.00288 m3/day (2 cm3/min) ; CO2 - 0.0142 m3/day (0.5cm3/min)

Porosity ϕavg = 0.215 (Calculated Porosity for each grid cell)

Absolute Permeability (mD) Kavg = 2651.6 (Calculated Permeability for each grid cell)

Density (Oil/Polymer/ Gas) (kg/m3) 829.7 / 1025.6 / 1.839

Viscosities (Oil / Polymer/ Gas) (cp) 2.28 / 6.57 / 0.0146

Polymer Viscosity Multiplier 9

IPV 0.2

RRF 5.5

Maximum Adsorption (kg/kg) 9.96E-05

Mixing Parameter 1

Maximum Polymer Concentration (kg/m3) 2

Figure E.1: Langmuir type isotherm for polymer adsorption in PA-WAG injection, Exp. 3 derived from the work of Yerramilli et
al. (2013) [68] on HPAM polymers.



F
PA-WAG History Match Results

First PA-WAG Cycle

Figure F.1: Relative Permeability curves for the polymer injection phase in cycle 1 of PA-WAG injection, Exp. 3

Figure F.2: Relative Permeability curves for the CO2 injection phase in cycle 1 of PA-WAG injection, Exp. 3.
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Figure F.3: Saturation profiles for oil (top), gas (middle) and water (bottom) at the end of cycle 1 after the completion of the
polymer slug injection (0.22 PF) and CO2 slug injection (1.22 CO2) along with the corresponding MRST simulation. For Cycle
1, gas saturations are only presented for the CO2 injection phase since there is no gas initially in the system at the start of the

PA-WAG injection. Gas saturation becomes relevant only during the CO2 injection stage.
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Second PA-WAG Cycle

Figure F.4: Relative Permeability curves for the polymer injection phase in cycle 2 of PA-WAG injection, Exp. 3.

Figure F.5: Relative Permeability curves for the CO2 injection phase in cycle 2 of PA-WAG injection, Exp. 3.
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Figure F.6: Saturation profiles for oil (top), gas (middle), and water (bottom) after the polymer slug injection (0.22 PF) and CO2

slug injection (1.22 CO2) in cycle 2 with the corresponding MRST simulation visuals during this stage. Gas trapping becomes
evident at the end of polymer injection in this cycle.
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Subsequent PA-WAG Cycles

Figure F.7: Relative Permeability curves for cycle 3 of PA-WAG injection, Exp. 3.

Figure F.9: Relative Permeability curves for cycle 5 of PA-WAG injection, Exp. 3.

Figure F.11: Relative Permeability curves for cycle 6 of PA-WAG injection, Exp. 3.
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Figure F.8: Saturation profiles for oil (top), gas (middle), and water (bottom) after the polymer slug injection (0.22 PF) and CO2

slug injection (1.22 CO2) in cycle 3 with the corresponding MRST simulation visuals during this stage. For cycle 3, the oil
saturations resulting from both polymer and CO2 injection are identical and overlap each other due to negligible incremental

recovery after the end of cycle 2.
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Figure F.10: Saturation profiles for oil (top), gas (middle), and water (bottom) after the polymer slug injection (0.22 PF) and
CO2 slug injection (1.22 CO2) in cycle 5 with the corresponding MRST simulation visuals during this stage. For cycle 5, the oil
saturations resulting from both polymer and CO2 injection are identical and overlap each other due to negligible incremental

recovery after the end of cycle 2.
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Figure F.12: Saturation profiles for oil (top), gas (middle), and water (bottom) after the polymer slug injection (0.22 PF) and
CO2 slug injection (1.22 CO2) in cycle 6 with the corresponding MRST simulation visuals during this stage. For cycle 6, the oil
saturations resulting from both polymer and CO2 injection are identical and overlap each other due to negligible incremental

recovery after the end of cycle 2.



G
Capillary Pressure with Leverett-J

function

Figure G.1: (A) Correlation between the water saturation and capillary pressure along the core length. Elevated water
saturation leads to increased capillary pressure demand for oil to displace water contributing to the capillary end effect at the

core outlet in Exp. 1. (B) Capillary Pressure Curve generated using the Leverett-J function in Exp. 1.
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Figure G.2: (A) Correlation between the water saturation and capillary pressure along the core length. Elevated water
saturation leads to increased capillary pressure demand for oil to displace water contributing to the capillary end effect at the

core outlet in Exp. 2. (B) Capillary Pressure Curve generated using the Leverett-J function in Exp. 2.
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Figure G.3: (A) Correlation between the water saturation and capillary pressure along the core length. Elevated water
saturation leads to increased capillary pressure demand for oil to displace water contributing to the capillary end effect at the

core outlet in Exp. 3. (B) Capillary Pressure Curve generated using the Leverett-J function in Exp. 3.
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